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Water Under Control

Liquids to the Top

Turn up the Heat

Custom solutions manage
excess water production
issues in the reservoir

Offshore dewatering campaign
uses velocity strings to
extend life of mature wells

Extreme-temperature ESP
systems lift steam-heated
bitumen to surface
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Middle East Growth

from Steady
to Intense

Middle
East
The Middle East is revered as an exotic collection
of cultures and history. It is considered the cradle
of some of our earliest civilizations and the
birthplace of some of the world’s oldest religions.
But for all of its diversity and geographies, there
is one very permanent connection throughout the
region: oil and gas.

critical engineering and well construction services
throughout Iraq and in Saudi Arabia.

Grow
Since the discovery of oil more than 100 years
ago, the Middle East service sector could best be
described as “steady” as discoveries uncovered
new fields and technology continued to evolve.

By Belgacem Chariag
President,
Eastern Hemisphere

But the last several years have brought
tremendous change to our industry. As
populations have grown and technology has
forever changed our lives, the largest oil- and
gas-producing nations are transforming to
become significant consumers of their own
output. And to meet this changing dynamic for
increased production output, new, nontraditional
business relationships are developing
between service companies and operators.
Baker Hughes is helping operators manage
their assets over the long-term through
integrated operations and field management
projects—business model jargon that
only recently entered our vocabulary.

In fact, our Integrated Operations team is playing
a vital role in asset management by delivering

Local staff, local decisions

The foundation of Baker Hughes’s success in the
Middle East is the push to localize the workforce
and to empower the leadership to make decisions
on the best way to serve the customer. To support
these efforts, Baker Hughes has invested heavily
in the region—most notably through the Eastern
Hemisphere Education Center in Dubai where
our employees practice running and operating
equipment and tools alongside our customers on
training rigs and test wells. Next, we built a drill
bit manufacturing plant in Dhahran to provide
products to Kuwait, Saudi Arabia, and Bahrain,
as well as the regional and global markets.

In 2010, we opened a new operations center in
Dhahran with laboratories, repair and maintenance
operations, and a remote collaboration center.
Today, all Baker Hughes product lines are housed
in the same facility under one management team,
driving consistent standards to improve service
quality and reliability and enabling leaders to
better anticipate customer needs.
The oil and gas industry in the Middle East is no
longer an easy industry, therefore competency
in the market and trust in technology are more
important than ever.

To meet these new demands for powerful
technology and services, earlier this year we
opened the Baker Hughes Dhahran Research
and Technology Center—the latest addition
to our global technology network. This
network is a testament to Baker Hughes’s
foresight in spreading intellectual capital
around the globe to innovate the solutions
this industry will require tomorrow.
In Dhahran, for example, our scientists
are collaborating with Saudi Aramco
scientists to define problems and to
deliver locally developed solutions to
address tight gas reservoir challenges,
drilling efficiency technology, and
production and recovery optimization.

The difference between how Baker
Hughes is doing business in the Middle
East today and how we were operating
five years ago can be summed up in a
single phrase: long-term commitment.
We are committed to quality, safety,
execution, technology, and becoming much
more knowledgeable about our customers. We
have elevated our expectations of customer
intimacy by “officializing” the processes
for our Strategic Marketing Plan, and we
are pushing our organization to be better
informed and to question what we don’t
know. And there has been an immediate
positive reaction from our customers.
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On any given day, these scientific teams may
be analyzing the challenges of a particular
unconventional reservoir in Saudi Arabia,
or they could just as easily be designing
solutions for an unconventional field in the
Williston basin in North Dakota.

We believe this global investment in
technology and infrastructure is a critical
competitive advantage. But we’ve found that
nothing can compare to our investment in
human capital. That’s why we’ve invested
in a vigorous hiring campaign emphasizing
local talent who understand the importance
of culture and who bring customer intimacy.
In Saudi Arabia, Baker Hughes has an
aggressive 70% nationalization target,
and to help reach these goals, we’ve set
up numerous university scholarship and
intern programs, both independently and in
conjunction with Saudi Aramco.

Saudi Aramco awarded Baker Hughes a
long-term engineering, project management,
and integrated operations drilling contract
for turnkey delivery of more than 75 wells in
the Shaybah field. The scope of work includes
provision of three drilling rigs for up to seven
years. We have hired drilling superintendents,
wellsite leaders, and project managers for
this project, and we expect to have our first
of three rigs onsite later this year.
We are also delivering an underbalanced
coiled-tubing drilling package to re-enter
existing wells in the gas fields of southern
Saudi Arabia. This contract for project
management oversight and downhole
drilling and completion services began a
couple of years ago.
In Iraq, Baker Hughes is well positioned
to carry out full drilling and completion
services for a 23-well contract from
Lukoil and a 60-well contract from
Eni—the largest integrated opeations
contract ever awarded in Iraq—from
our new operations base in Basra.

One year ago, we went from essentially
a single workover rig in Iraq to a daring,
accelerated startup that has positioned us
as the No. 1 rig operator in the country. We
have one workover rig and six drilling rigs
today and expect to have at least nine rigs
operating by year’s end.
Throughout the region, Baker Hughes is
aligning with operators that have set their
targets to increase production capacity or to
explore the potential of new markets.
In Kuwait, our Operations team is
strategically engaged with Gaffney, Cline
& Associates—a part of our Reservoir
Development Services business segment—
to provide consultancy and future plans
for KOC’s Kuwait Integrated Digital Fields
“smart field” initiative. This is one of
three similar pilot projects to test various
technologies to monitor, control, and
optimize reservoir management, production,
field operations, and health, safety and
environment assurance.
Through drilling and evaluation activities
for ADCO, ADMA, and ZADCO, Baker
Hughes is supporting the UAE’s focus to
increase production capacity to 3 million
BOPD by the end of 2012. And, in Oman,
where the demand for gas is increasing,
most of the current activity involves
unconventional gas, and deep, tight, hot
formations that require specific drilling
and fracturing applied technologies.
We’re proud of our record to step up to the
demands these nontraditional relationships
have offered, and we’re confident we have
the right strategic focus, the people, and
the know-how in place to anticipate our
customer’s needs in this culturally rich and
ever-changing region.
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Global Drilling & Completions for
Talisman Energy, shares insight into
producing gas in North America’s
shale plays and how its Shale
Operating Principles are guiding
employees and contractors in carrying
out responsible shale operations.

Scale, paraffin, asphaltene, and
salt buildup can undermine a
well’s ability to flow. Baker Hughes
Sorb™ solid inhibitors penetrate
deep into the reservoir to prevent
damaging buildup before it begins,
and continue to inhibit deposition
long after other methods.

The MaxCOR™ rotary sidewall
coring service provides fast,
accurate core samples with 125%
more volume per unit length
when compared to conventional
rotary sidewall coring tools.
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A well-formulated

WELL KILL
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When the Elgin field’s G4 gas well
developed a serious leak in late March
during a maintenance procedure, Total’s
emergency response team launched an
all-out effort to stop the flow of gas and
condensate into the North Sea, which
began with initial volumes of 7 Mcf/day
(200,000 sm3/day)

L

Turning to the major oil and gas service
companies, Total sought a kill fluid to
pump into the well to displace the gas.
Christopher Gray, a fluids chemistry expert
at the Baker Hughes Technology Centre in
Aberdeen, Scotland, recalled a technically
challenging formula that was designed
to kill a similar gas leak in a well in the
nearby Shearwater field 10 years earlier.

Buried among
hundreds of case
histories and chemistry
compositions in the
Aberdeen Drilling Fluids
archives, a mud formula
created to kill a North Sea
gas well leak a decade
ago provides the basis
for a complex concoction
that kills a similar gas
leak earlier this year.

Peter Mysko, Executive Account Manager
for Baker Hughes UK, presented the
formulation to Total technical experts
who, after evaluating all of the technical
options presented to them, chose Baker
Hughes to provide the high-pressure/hightemperature kill fluid.

A physics-defying formula
Building on the Shearwater formula,
the laboratory team and fluids
experts in Aberdeen set out to
design a kill mud to meet Total’s
fluid characteristics requirements.
The mud had to be water based for
environmental reasons, yet have
enough density to suppress the gas
in the well. It also had to withstand
high temperatures and high pressures
(beyond 175°C [347°F] and 10,000 psi
[70 MPa]) under demanding bottomhole
conditions, and it had to maintain its
properties over a long period of time
while being stored and pumped.
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“From a technical perspective,
nonaqueous-based mud would have been
easier to use because the mud had to have
a specific gravity of 2.05 [17.3 ppg], which
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is extremely heavy,” explains Stephen
Vickers, Eastern Hemisphere Application
Engineering Manager for Drilling and
Evaluation/Fluids. “Nonaqueous-based
mud is also more temperature tolerant
and less prone to barite settling. As the
barite content was so high, we were
concerned about the pumpability of the
fluid. There had to be enough ‘flow’ to the
mud that it could be pumped from the
mud plant to the supply vessel and from
the supply vessel to the rig. Temperature
was another issue. The mud had to be
temperature stable up to 175°C [347°F].”
In a nutshell, the fluid rheology had to
be exactly right or the whole attempt
risked failure.
“We needed enough barite in the mud
to get the required density, but gravity
wanted to pull it all to the bottom, so
the barite had to be suspended,” Vickers
explains. “The easiest way to do that was
to make the mud very viscous, but if you
make it too viscous you can’t pump it. We
had to get the chemistry right for these
two parameters to work in harmony. The
other thing that was really working against
us was the temperature. Water-based muds
do not like high temperature. They cook in
it. It’s like leaving a casserole in the oven
too long—it’s going to go bad.”
For approximately three weeks, Baker
Hughes fluids experts performed lab tests
mimicking downhole conditions and
temperatures to find the optimum kill fluid
formula for the well, located 240 km (150
miles) offshore Aberdeen.
“Total sent people to our labs to witness
the testing, and we sent samples to
their laboratory in France so they
could perform their own tests on the
formulations,” says Mysko, the customer
focal point. “Testing and quality assurance
were critical in this operation.”
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Surface casing

> The specially
formulated kill
fluid was pumped
into the well
through precisely
placed punched
holes in the
production tubing.
The gas leak was
declared safe and
under control
when the kill fluid
had filled three
annuli and was
seen at surface,
dropping gas
levels to zero.

Annuli
Conductor pipe
Safety valve
Intermediate
casing
Cement

Punched tubing
for intervention

Production packer
Plug
Kill fluid

Production liner

Well condition after kill fluid operation

With the testing program completed and
approved by Total, the next challenge
was to find enough products—including
specialized chemicals such as the Baker
Hughes Kem-Seal™ high-temperature
polymer and the All-Temp™ thixotropic
thinning agent used in the fluid’s
composition—to make the quantity of
fluid that Total required for the dynamic
kill project: an estimated 20,000 barrels.
“No one knew for certain how much mud
would be needed, but Total obviously
wanted to ensure that there was enough
product. Mixing 20,000 barrels was kind of
like mixing 10 normal mud systems,” Vickers
says. “We had flights bringing in products
from Houston, China, and India. It was a
major logistical effort and, of course, we
needed everything yesterday.”
“Once we got all the products in, the
dilemma became ‘where are we going to
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mix all of this mud?’” Mysko adds. “There
was no one single mud plant large enough
to accommodate the mixing of 20,000
barrels, so we collaborated with two of our
competitors to use their plants, as well as
our own Baker Hughes mud plants.”
Despite the large volumes and the complex
technical requirements, the high density and
temperature-stable kill fluid was mixed in
several locations to the specified parameters
within the timescale Total required.
“The fluid actually stayed in the mud plants
for about 10 days before it was loaded
onto supply vessels and ferried to the
West Phoenix semisubmersible drilling rig,
which was used to pump the mud down
the well,” Mysko says. “We knew we were
on the right track because during those
10 days we didn’t see any barite sagging
out of the system. We had the capability
of agitating it but, the fact was, it was a
water-based mud that could deteriorate.

Hence, all of this additional time was
really a measure of the stability of that
formulation—a testament to how good
it was. It far exceeded design criteria.”

A critical intervention
Once pumping operations began aboard
the West Phoenix rig on May 15, the
gas flow, which had begun seven
weeks earlier, was stemmed within 12
hours by the dynamic kill process.
“The kill mud was pumped until the well
was completely filled and the gas and
condensate displaced,” Vickers says. “The
high density of the fluid and its ability
to remain stable under temperature and
pressure stopped the gas from escaping up
the well to the surface.”
Following days of close monitoring, the
water-based mud was displaced with
nonaqueous-based mud and the well was
confirmed killed. Total then confirmed the

Photos courtesy of Total E&P UK Ltd

A 24/7 global effort

“If we didn’t have that ability to draw
on our past knowledge, no one would
have known about that formulation
for Shearwater back in 2001. This
knowledge, combined with the work
done by the fluids experts in the lab,
the UK Operations team, and the
global technical support team,
truly allowed us to call this a success.”
Peter Mysko
Executive Account Manager for 		
Baker Hughes UK
> Peter Mysko (seated) and Stephen Vickers, Eastern Hemisphere
Application Engineering Manager for Drilling and Evaluation/Fluids

success of the intervention and began
restaffing the Elgin complex and the
Rowan Viking drilling rig to set cement
plugs in the G4 well to complete the
plug and abandonment procedure.
“These results have been obtained through
the continued support and dedication
of all our service providers
who demonstrated their
professionalism, expertise, and
reactivity to support Total E&P UK in these
difficult moments,” says Jean-Claude Choux,
Technical Services Director, Total E&P UK.
“Partnership means sharing good and
bad moments. In this instance, we have
very much appreciated Baker Hughes’s
full commitment and dedication to deliver
solutions in a rather challenging time scale.
Despite pressure, no lost-time incident was
experienced during the period thanks to
thorough risk assessment, which has driven
all our operations.”

Vickers cites a united team effort in providing
a successful solution to this extremely
critical incident. In addition to mobilizing
products from three continents, technical
and operations support came from the Baker
Hughes Fluids teams in the UK and Norway;
Surface Logging Services in the UK; and US
Operations and Gulf of Mexico Operations.
“There should be special mention of Randy
Welch, an offshore engineer from US
Operations, and Barry Fitzgerald,
a specialist in HT/HP wells and
the application engineer who
provided daily technical
contact
for the entire operation,”
Vickers
adds. “Barry was in
Total’s
office on a daily basis
and was the
man taking the
phone calls
at night
and during
the weekends.
His experience
accounted for a

lot in terms of the success of this project.”
“This project demonstrates Baker Hughes’s
capabilities in terms of expertise and
knowing what we’ve done in the past,”
Mysko concludes. “If we didn’t have that
ability to draw on our past knowledge,
no one would have known about that
formulation for
Shearwater
back in 2001.
This knowledge,
combined with
the work done
by the fluids
experts in the lab,
the UK
Operations team,
and
the global technical
support team, truly
allowed us to call
this a success.”
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A tried, tested, and tough Baker Hughes
thermal recovery ESP system is steaming
its way through the Canadian oil sands and
helping SAGD operators increase production.

> Baker Hughes
Upstream Chemicals
employees Paul Miller,
Dave Pinto, Enzo Bruni,
and Shane Reardon at
the Connacher Great
Divide SAGD facility
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As the second largest country only to Russia, it
is not surprising that Canada has the third largest
hydrocarbon basin in the world. What is interesting,
however, is that 97% of these reserves are found in
oil sands, a mixture of sand, water, clay, and bitumen,
an extremely viscous form of petroleum that
is produced unlike any other form of
hydrocarbon on earth.1
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At room temperature, oil sands are like
molasses, but below 50°F (10°C) the
bitumen becomes as hard as the hockey
pucks used in Canada’s national sport.
Most of Canada’s estimated 175 billion
barrels of bitumen reserves are located
in three major deposits in Alberta—the
Athabasca, Peace River, and Cold Lake
(which spills over into Saskatchewan).
And, unlike conventional crude oil that
is normally brought to surface by drilling
into a reservoir, bitumen is too heavy
or thick to flow on its own and must be
extracted either by surface mining or by
in-situ techniques that reduce the bitumen’s
viscosity so it can be lifted to surface.
Oil sands have been mined commercially
since 1967 when Suncor, Canada’s largest
oil producer, started a surface mining
operation in the Athabasca oil sands near
Fort McMurray. Oil sands mining operations
today require earthmovers to remove the
overburden and behemoth power shovels
to remove the shallow, oil-laden sand and
clay, which is then transported to processing
plants in dump trucks capable of hauling
400-ton loads.
Surface mining is still a huge industry in
the area, but with approximately 80% of
the oil sands resources more than 250 ft
(75 m) below surface (too deep for surface
mining), many operators have turned
to in-situ extraction techniques such as

D

toe-to-heel air injection, cold heavy-oil
production with sand (CHOPS), cyclic steam
stimulation (CSS or huff-and-puff), and
steam-assisted gravity drainage (SAGD)
where super-heated steam is injected into
the reservoir to liquefy the bitumen.

> Canada employees Alfredo
Leon, Artificial Lift Applications
Adviser, and Carlos Yicon,
Strategic Account Manager, in the
Baker Hughes BEACON remote
operations center in Calgary.

Advantages of SAGD
SAGD lessens the environmental footprint
and allows operators to produce from
deeper zones and get better utilization from
pad drilling designs. “Plus, the process has
been improved to get the oil out of the oil
sands at a lower cost per barrel,” says Carlos
Yicon, Baker Hughes Strategic Account
Manager in Canada. “Of the available in-situ
technologies, SAGD is the most cost effective
for barrels of steam injected to recovered
barrels of oil produced, with typical oil cuts
being 30% to 35%.”
“In SAGD applications, two parallel
horizontal wellbores are drilled into the
target formation, one approximately 5 m
[16 ft] above the other,” explains Kelvin
Wonitoy, Project Manager for Baker Hughes
Artificial Lift Systems in Canada. “Steam
is injected into the upper wellbore, which
is perforated to allow the steam chamber
to grow in a teardrop configuration of
about 1 in. [2.54 cm] per day out into the
reservoir where it heats the oil sands and
lowers the viscosity of the bitumen by
basically melting it. Through gravity, the
softened bitumen drains into the lower
wellbore where it can then be pumped
to the surface just like any other liquid.
The only difference is that it’s very hot.”
Even though the bitumen is steam-heated
the thick oil doesn’t readily flow to surface,
necessitating artificial lift techniques such
as sucker rods, progressing cavity pumps, or
elevated-temperature electrical submersible
pumping (ESP) systems, which have proved
to be more practical in the deeper oil sands
environment, such as Suncor’s Firebag asset,
than the other forms of artificial lift.

Of its 542,000 BOPD production, Suncor
produces approximately 127,000 BOPD from
two Canadian SAGD assets: Firebag and
MacKay River.
“At MacKay River, the assets are at a
shallower depth, so gas lift has been
used as an easy and more economical
technique to produce the oil,” says
Fernando Gaviria, Suncor’s Reservoir
Optimization Team Lead. “Like 80% of
oil sands resources, Firebag is too deep
to be mineable. And with the volumes of
production per well much larger at Firebag,
ESP systems have been the preferred
method of artificial lift since 2004.”
Baker Hughes wasn’t offering hightemperature ESP systems in 2004, but
seeing an opportunity to enter the
SAGD market, it leveraged the vertical
high-temperature test loop at its
Artificial Lift Research and Development
Center in Claremore, Oklahoma.
“With this test loop, we were able to expand
our R&D capabilities to autonomously
run tests in controlled temperature cycles
that were more consistent with the SAGD

www.bakerhughes.com
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Out of this testing came the Centrilift
CENtigrade™ Extreme Temperature™
system that was rated to bottomhole
temperatures up to 220°C (428°F) and could
reliably operate in the presence of abrasives,
gas, and steam. The system was introduced
in 2006 and steadily gained acceptance in
the oil sands as a proven lifting technology.

Turning up the heat
Producers soon discovered that by increasing
the temperature of the steam chambers
they could increase bitumen miscibility and
the size of the steam chambers, ultimately
increasing production.
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Anticipating operators’ ever-growing
elevated-temperature requirements, Baker
Hughes invested in the industry’s first
horizontal high-temperature test loop rated
to 300°C (572°F), which was designed
specifically to rigorously stress ESP systems
to ultrahigh temperatures like those found in
SAGD applications.

greater reliability than operating equipment
near its temperature-rated limit.”

“We knew that operators wanted to
push the high-temperature envelope,”
Burleigh says. “We also knew that
they wanted a lift system that not only
improved production performance but
also extended the reliability envelope.”

Reaching that level of reliability meant
designing in improvements mechanically,
electrically, and chemically, Burleigh says.
The result? The industry’s first ESP system
capable of reliably operating at bottomhole
temperatures to 250°C (482°F): the
CENtigrade™ Ultra Temperature™ system.

Leon Waldner, Staff Technologist for ESP
Systems for Nexen Inc., agrees. “The
hotter the well, the easier the bitumen will
flow and the better the recovery rate,”
he says. “Having ESP systems that can
operate at higher bottomhole temperatures
allows for more operational flexibility
of the well. Higher-temperature-rated
equipment should inherently provide

Gaviria concurs. “As operators, we’re always
looking for more reliability, longer run life,
more flexibility in the systems—anything we
can do in thermal cycling without having the
equipment fail on us.”

“Operators have led the evolution of
these SAGD systems by encouraging field
service companies to develop equipment
that is ready for higher temperatures,”
Gaviria says. “Suncor sat down with
some of the Baker Hughes guys up here
in Canada in the different business
segments and discussed our needs for

Photos courtesy of Suncor Energy

environment,” says Lawrence Burleigh,
Baker Hughes Product Line Manager for ESP
Systems. “In a conventional oil well, the
temperature is consistently hot, whereas
in SAGD operations the temperature and
pressure are controlled by the steam that’s
being injected, altering the productivity
index of the well. We needed to be able to
mimic that in our hot loop.”

01> Twenty percent of
Canada’s oil sands
reserves are close
enough to the
surface to be mined
used giant shovels
and trucks.
02> Below 50°F
(10°C) bitumen
becomes as hard
as hockey pucks.
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drilling, completions, instrumentation,
artificial lift, and reservoir surveillance.
“The adaptation of technology or
improvement of technology has been done
very, very fast. The quick response was just
what the market needed. This kind of joint
effort between the operators and the service
companies has been very important to us.”

Testing for reliability
The typical ESP production system is a
complex string of tools consisting of a
transformer, variable-speed drive, multistage
centrifugal pump, gas avoider intake,
seal section, and a three-phase induction
“squirrel-cage” type motor with a threephase downhole power cable spliced to a
motor lead extension and plug-in pothead.
“For the CENtigrade Ultra Temperature
system to perform up to the operators’
standards, the already tight quality
control requirements had to be further
tightened,” Burleigh says. “For example,

certain requirements of the 25 quality
control checks that occur during the
manufacturing and assembly of a motor
would allow the part to be used on a
CENtigrade Extreme Temperature or
standard motor, but not in a CENtigrade
Ultra Temperature motor. Designing the
CENtigrade Ultra Temperature ESP system
required improving the quality control.”
It also meant improving insulation materials
for all of the electrical components (stator,
cable, and motor lead extension cable),
and included a high-purity polyimide film
developed to insulate the magnet wires used
in the motors.
“We performed 30, five-day material
compatibility tests at 525°F (274°C),”
Burleigh says. “So, for 150 days we tested
the CENtigrade Ultra Temperature system
for material compatibility. Then, we did
seven hot loop tests of the system. That’s the
benefit of having our own R&D and testing
facility. Before going to market in 2010,

we knew we were ready to offer a reliable
CENtigrade Ultra Temperature ESP system
with fully tested mechanical, electrical, and
chemical integrity.”
Additional CENtigrade technology innovations
include a prefilled motor and seal, and a
plug-in motor pothead (a component that
connects the motor with the power cable)
that eliminates the need for a field splice,
both designed to significantly reduce rig
time and enhance system reliability.
“Because of the costs associated with
working over a well when a system
happens to go down, run life is critical
to the ESP systems’ economic value,”
Wonitoy says. “Since installing the first
CENtigrade Ultra Temperature systems
in the Canada Region in April 2010, we
have not experienced any design-related
reliability issues with the systems.”
“The only issues have been a misfilled seal
section and a cracked lead sheath on one leg

www.bakerhughes.com
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> In SAGD applications,
two parallel horizontal
wellbores are drilled into
the target formation.
Steam is injected into the
upper wellbore, which is
perforated to allow the
steam chamber to grow
out into the reservoir
where it heats the oil
sands and lowers the
viscosity of the bitumen.
Through gravity, the
softened bitumen drains
into the lower wellbore
where it can then be
pumped to the surface.

of the power cable,” explains Alfredo Leon,
Artificial Lift Applications Adviser in Canada.
“The seal sections are prefilled in the Leduc
[Canada] shop with a proprietary synthetic
motor oil, and new training tools have
addressed the seal section filling issue. We
have eliminated the cracked lead sheath on
the power cable by incorporating a square
profile that provides a larger contact area.
“At the beginning of August, the 63
CENtigrade Ultra Temperature systems
that had been installed in Canada were
averaging more than 300 run days, and six
of them have performed flawlessly for more
than 700 days.”

What’s next in SAGD?
Total production in the Canadian oil
sands in 2010 was approximately 1.6
million bbl/d, according to Government of
Canada statistics, and Rick Murray, an ESP
consultant for Statoil Canada, estimates that
SAGD production will increase by 500,000
bbls/d in the next two years.
Fourteen major SAGD projects at an
estimated CAD 13 billion in capital costs
are scheduled to start up between now
and 2015, according to the Government of
Alberta Oil Sands Industry’s Q2 update. And,
as operators seek to produce deeper plays
than surface mining allows, those numbers
will continue to climb.
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This means growth in the ESP systems
market, as well. Yicon expects to see
1,000 systems in the ground in just a
couple of years.
“There are between 400 and 500 ESP
systems in thermal recovery applications
today, so we’re looking at phenomenal
market growth,” he says. “Baker Hughes is
planning for it by improving our processes
and our facilities, which includes a USD 36
million expansion to our R&D capabilities at
the Artificial Lift Technology and Research
Center in Oklahoma.”
“SAGD pushes many existing technologies to
their limits,” Waldner says. “This has caused
resurgence in the development of products
that will ultimately benefit both SAGD and
cold production wells. I would say that there
is currently a suite of products and services
available to produce most of the SAGD
wellbores in production, but the industry—
both manufacturers and operators—will
need to work in partnership to continue to
advance technology development efforts
to meet future needs of wells that will
potentially operate at higher bottomhole
temperatures and within smaller wellbores.”
Waldner says some of the key technologies
that will be beneficial to oil sands,
specifically SAGD production, include highertemperature-rated downhole pumping

equipment (above 250°C [482°C]); continual
improvement in equipment reliability;
smaller diameter downhole pumping
equipment; improved understanding of
downhole pumping equipment performance
when producing multiphase fluids
(specifically steam vapor); tools that allow
for flowing production logging; live well
intervention tools and techniques; and
tools that would allow for simpler wellbore
integrity investigation within suspected or
known failed wellbores.
“Overall, Nexen is looking for technology
advancements that strengthen operational
reliability, reduce operating costs, and
strengthen our environmental performance,”
Waldner says.
“Technology today is much better than it
was seven or eight years ago, but we must
remember that SAGD and other thermal
methods of production are still brand
new compared to conventional light oil
production, which has been around on
a commercial scale for 60 or 70 years,”
Gaviria concludes. “So, we are just at
the beginning. There are so many ideas
that we can explore together.”
1
Source: Canadian Association of Petroleum
Producers

By the
34 million
6
9
984 670 km
(6,204,186 sq miles)

Numbers

Population of Canada

The number of time zones in Canada

2

Total area

2

Country comparison to the world
(only Russia is larger geographically)

2

Official languages:
English (58.8%) and French (21.6%)

180 billion barrels

Proved oil reserves in Canada

175 billion barrels

Canadian oil reserves in oil sands

3rd

Its place in known oil reserves behind
Saudi Arabia and Venezuela

5.4 million
5959 m

Population of Toronto, largest city

Highest point, Mount Logan, in the Yukon Territory

(19,550 ft)

202 080 km

Length of coastline, the longest in the world

(125,570 miles)

9

Number of Canadians who have flown in space

3

Number of Olympic games hosted by Canada
(’76 Montreal, ’88 Calgary, and ’10 Vancouver)

Sources: the World Factbook, World Bank, Wikipedia
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Expansion

to Boost Artificial Lift Technology Development, Testing Capacity
When it comes to electrical submersible pumping (ESP)
systems, a company’s biggest competitor is not the competition.

It’s run life.

01

02

01> A 750,000-ft2 (69 677-m2)
facility is being built
adjacent to the existing
artificial lift global product
center in Claremore,
Oklahoma. The expansion
will boost development of
high-horsepower motors
and high-flow rate pumps,
as well as the associated
technology needed for these
critical well applications.
02> John Bearden, Director of
Research and Development
for Baker Hughes Artificial
Lift Systems (left),
guides visitors, including
Oklahoma Governor Mary
Fallin, on a tour of the
Artificial Lift Technology
and Research Center.
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The engineering teams at the Baker Hughes
Artificial Lift Technology and Research
Center know that the best way to ensure
that their equipment performs to its
maximum capabilities is to subject it to the
industry’s most rigorous testing.
“That’s why we’ve been able to achieve
outstanding run life with our ESP systems,”
says John Bearden, Director of Research and
Development for Baker Hughes Artificial Lift
Systems. “We never compromise on testing.
Our market grows with both the perceived
and the measured run life of the equipment.
So, when an ESP system has got to perform
under certain conditions such as those found
in deep water or in steam-assisted gravity
drainage [SAGD] applications we have to
be able to say that we’ve extensively tested
that equipment under controlled conditions
before it’s installed. That kind of testing, along
with proper installation and monitoring,
is essential to an ESP system’s survival.”

The Artificial Lift Technology and Research
Center in Claremore, Oklahoma, has
unmatched resources for advancing the
technology of ESP systems. Here, technology
prototypes are tested under simulated
operating conditions to ensure performance
and reliability in challenging conditions
such as high bottomhole temperatures, high
gas content in the fluid, severe abrasives,
and viscous fluids. Then, complete systems
incorporating the new designs can be
subjected to full-system integration tests
prior to installation in the field.
“Baker Hughes is the only ESP system
provider that designs and manufactures
the complete ESP system, including surface
control systems and power cables, as well
as the submersible pump, motor, and seal,”
Bearden adds. “This is an advantage because
we can ensure the entire system will work
together to maximize performance.”

Investing in R&D
The future of ESP system design lies with customer needs
and expectations. Seabed boosting stations resting in water
2 miles (3.2 km) deep and 600°F (315°C) steam chambers
forcing heavy tar-like bitumen to the surface are not science
fiction. Neither is instituting nanotechnology into materials
and fiber optics into monitoring systems.
Anticipating these application requirements, Baker
Hughes is investing USD 36 million in a new research and
development center adjacent to its global artificial lift
product center in Oklahoma.
“The expansion will boost product development of highhorsepower motors and high-flow rate pumps, as well as
the associated technology needed for these critical well
applications,” Bearden says. “With manufacturing capability
on site, the research and development group can work very
closely with our highly skilled technicians on new designs.”
The new 750,000-ft2 (69 677-m2) expansion will house
laboratory space for the development of artificial lift systems
and a control center with monitoring and surveillance
equipment so Baker Hughes engineers and customers
can safely observe systems tests—even from remote
technology centers in Celle, Germany, and Macae, Brazil.
Seven new test wells (including a 1,000-ft [305-m]
deep, 30-in. [76-cm] casing well) are being drilled,
bringing the total number of various flow loops and
test wells to 15 at its Claremore location. Baker Hughes
has an additional test well in Macae to conduct system
integration tests on deepwater technology and a hightemperature flow loop in Celle to test equipment
designs specifically for geothermal applications.
“These new test wells will add to our capability
to push equipment where it has never gone,”
Bearden says. “Applications are getting tougher and
tougher, and operators are looking for solutions.
“We know that we’ve got the industry’s best gas testing,
viscous fluid pump testing, and high-temperature
testing facilities. You can test individual parts to
death, but until you test them as a system you don’t
know the interaction between all of the components
in a specific environment. This integrated system
testing is the differentiator for Baker Hughes.”

The
		

CENtigrade

Product Family Portfolio

The Centrilift CENtigrade™ offering from Baker
Hughes comprises specifically tailored systems that
meet the unique requirements of the application.
High Temperature systems are rated to 325°F (163°C)
bottomhole temperature and are generally applied in hot
wells or in wells with low cooling flow past the motor due
to gas, abrasives, scale, or low production rates.
Extreme Temperature™ (ET) systems are rated to 428°F
(220°C) fluid temperature and offer reliable performance
in Canadian thermal recovery operations.
The development of the ET system focused on reducing
elastomers, allowing for mechanical thermal growth
and a wide range of lubricity requirements, enhancing
electrical integrity, and allowing for motor oil expansion
and contraction.
The Ultra Temperature™ (UT) systems, rated to (482°F)
250°C bottomhole temperature, extend run life and permit a
larger steam chamber with improved oil miscibility. The UT
system complements other Baker Hughes ESP innovations
brought to thermal recovery operations: the plug-in pothead,
prefilled motor and seal section, reducing rig time and
extending reliability.
Since April 2010, the UT system has established a reliable
track record of long run times in thermal recovery
applications. The industry has recognized the system for its
proven reliability to withstand increasingly harsh downhole
environments to cost effectively improve production and
ultimate reserve recovery with the following awards:
2012: Hart’s E&P Meritorious Engineering Award for
Technology Innovation for production technology
 2011: World Oil’s Award for Best Production Technology
 2011: Suncor’s President’s Operational Excellence Award
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on the Edge of
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on the Edge of

technology
An ambitious recompletion
project using velocity strings
is nudging the envelope for
coiled-tubing technology
and boosting production for
NAM in a mature field
offshore the Netherlands
and the UK.

There comes a time in every asset’s life cycle—be it a favorite pair
of shoes, a stereo system, car, or even a gas field—when that crunch
decision has to be made: Do we spend more money on it or let it go?
Nederlandse Aardolie Maatschappij B.V. (NAM) was facing this very
decision as the production decline in its maturing assets onshore the
Netherlands and offshore in the Southern North Sea were almost
to the point of being uneconomic. NAM (a Shell/ExxonMobil joint
partnership exploration and production company) decided to embark
on a strategic gas well deliquification campaign with Baker Hughes
for a minimum of 25 wells that is expected to extend the life of
some wells by decades.
“Only a few years ago, NAM was expecting to slow down its
business in the North Sea,” says Sam Tousis, Baker Hughes Account
Manager for the Shell Upstream International Europe Contract.
“NAM looked at a few options and has chosen to accept the
challenges and remain active in the North Sea in a safe and costeffective way. Now, NAM is talking about gas-winning solutions for
the next years. Deliquification is, among others, part of the solution
for that future outlook. It’s had a major impact on their production.”
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Treating encroaching water
Oil and gas production over time results
in reservoir pressure depletion which, in
turn, allows water influx. Eventually, the
formation water, which is denser than gas,
will enter the wellbore and start interfering
with production.
“If the water isn’t dealt with, the problem
will get progressively worse until the water
level—the weight of the fluid column—will
overcome the bottomhole pressure and
suppress the flow of gas or oil to the point
there will be no production and the well
will die,” explains Dennis Ambergen, Baker
Hughes Velocity String Project Engineer
based in Emmen, the Netherlands.
Water control treatments at the early stages
range from chemical/resin treatments
of reservoirs to foam sticks and foam
injection systems for wells that have
more advanced water problems. There
are also mechanical solutions such as
electrical submersible pumping systems,
plunger lifts, and velocity strings.
“Each well has to be evaluated to establish
where the well is within its life cycle and
which deliquification method is best suited
for it,” Tousis says. “Of course, the cost of
the optimal solution for a well must make
commercial sense also.”

For NAM’s project, the solution involves
running a coiled-tubing velocity string inside
the existing completion tubular down to
a carefully modeled and precise depth in
the producing part of the reservoir. “The
beauty of this technique is that the well can
be ‘recompleted’ live without pulling the
original completion from the well, saving
rig time and additional costs with no lost or
deferred production,” Ambergen adds.

Boosting oil/gas velocity
The function of the velocity string is to
effectively reduce the diameter of the
existing production tubular so that a higher
flow velocity is created. In other words,
the well fluids will travel faster up the new
tubular due to the smaller diameter (like
squeezing a garden hose with your thumb).
This higher velocity is able to carry the
encroaching water to the surface (along with
the gas), prolonging the productive life of
the reservoir.
This technique has been used routinely for
many years, but for this ambitious project
the mature offshore infrastructure—
with down-rated crane power, a high
number of deep wells, and the need for
nonstandard velocity string metallurgy—
presented a number of challenges not
previously encountered at this scale.
Thus was started the largest offshore
velocity string project in the world.

“From the outset it was decided that
the velocity strings would be deployed
without taking the wells off production,”
Ambergen explains. “The shutdown
process can be avoided by the use of a
snubbing unit or by using coiled tubing
to convey the velocity strings to bottom
while maintaining full pressure control
of the well. It was decided that coiledtubing deployments would provide the
safest and most cost-effective solution.”

Moving massive equipment
The velocity strings for this project consist
of coiled tubing—a long, continuous
length of pipe either 23/8-in. or 27/8-in.
diameter wound on a massive spool.
“Coiled tubing provides the most optimum
integrity when run as a single, continuous
length,” Tousis says. “The well depths
range from 3500 m to 4500 m [11,480
ft to 14,763 ft], so an individual reel of
coiled tubing that length could weigh 40
tons or more. One string made especially
for this project was 5166 m [16,948 ft]
of 23/8-in. tubing. It can be appreciated,
then, that just moving these mammoth
reels around is a challenge in itself.
“Because of the magnitude of this project in
size and weight, it is very much on the edge
of coiled-tubing technology.”

“The beauty of this technique is that the well can
be ‘recompleted’ live without pulling the original
completion from the well, saving rig time and
additional costs with no lost or deferred production.”
		Dennis Ambergen
		Baker Hughes Velocity String Project Engineer
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“I think the lessons we have
learned here can be applied
not only to extending the life of
aging fields around the globe,
but also to options for drilling
and completing new wells, such
as designing in technology that
will be needed toward the end
of their productive lives.”
Sam Tousis
Baker Hughes Account Manager
for the Shell Upstream
International Europe Contract

A further challenge for this project, Tousis
says, is that the tubing has to be made of
a special steel—Cr16 (Chrome 16) alloy—
due to the mildly corrosive nature and
parameters of the reservoir fluids it will be
in contact with. Being much harder than
carbon steel, Cr16 tubing requires specially
designed grapple slips (coiled-tubing end
connectors) and running procedures, which
present further operational challenges
for the Baker Hughes deployment crews,
especially in the deeper deployments with
high-hanging loads on spooling equipment.
Manufactured in the US, the Cr16 coiledtubing spools are transported by ship to the
Netherlands where they are transferred to
the Seajacks Kraken, a specially designed
well-intervention jackup vessel for onward
deployment to the production platform.
By fall 2011, Baker Hughes had a complete
equipment setup—including blowout
preventers and towers—in place at its
Pressure Pumping facility in Emmen to
perform qualification tests for NAM.
“That period of testing provided a great
opportunity for everyone to come together
and see how the equipment was going to
work,” Ambergen says.
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Since several wells were worked over during
each platform hookup, coils and all ancillary
equipment such as nitrogen pumps and
fluid pumps were loaded onto the Seajacks
Kraken. The vessel, which is equipped with a
large-capacity crane capable of handling the
40-ton coiled-tubing reels, sailed to its first
velocity string location in December 2011.

Project-specific upgrades
Each well is modeled to determine the
optimum diameter for the velocity string as
well as the precise setting depth for longest
production life. Modeling parameters include
but are not limited to downhole pressure,
temperature, fluid composition, and coiledtubing string/tubing surface roughness
friction factors.
Working from these parameters, the strings
are hung off inside the existing downhole
safety valve by means of a hanger that is
connected to the Cr16 coiled tubing with a
special WellGrip™ connector. “The velocity
string hanger contains an integral safety
valve nipple that enables the deployment of
a wireline-retrievable safety valve once the
velocity string is landed off,” Ambergen says.
In some cases, a sliding side door (SSD)
is included in the design of the hanger
assembly, allowing the wells to be produced

in two different methods. “The first
method is through the velocity string
with the SSD in the closed position,
which is the conventional manner,
while the second method is via an
open SSD with the velocity string
plugged off,” Ambergen explains.
“The latter effectively means that the
well is produced through the coiledtubing/production tubing annulus via
a smaller flow path. It’s very much like
flowing the well through a smaller-size
velocity string.”
For this project, a special pipe
straightener was built to deliver
“straight” coiled tubing into the
well. “The residual curvature of
Cr16 coiled tubing, if not addressed
adequately, could potentially have a
negative effect on future wireline-type
operations due to excessive drag,”
Ambergen adds.
Another “first” being used in this
project is a special coiled-tubing
tower top frame that allows for
the coiled-tubing injector/riser to
be skidded forward and backward.
This facility offers substantial time
and cost savings to the operation
because it negates the need for the
coiled-tubing injector head to be

removed from the top of the tower
when deploying and undeploying
long bottomhole assemblies.

Measuring results
By mid-July, seven wells had
been recompleted on three
different platforms and, despite
some early deployment issues,
good lessons have been learned,
captured, and implemented.
During the 2012 Q2 business
performance review, NAM Contract
Owner Tony Gair recognized the work
of the Baker Hughes and the Kraken
teams by saying, “The velocity string
project team is producing remarkable
results, and production figures are
above expectation in most cases.”
“There has been great collaboration
between all parties to overcome the
numerous challenges thrown up by
this unique project,” Tousis concludes.
“I think the lessons we have learned
here can be applied not only to
extending the life of aging fields
around the globe, but also to options
for drilling and completing new wells,
such as designing in technology that
will be needed toward the end of their
productive lives.”

About

NAM

NAM (Nederlandse Aardolie Maatschappij
B.V.) was founded in 1947 and is engaged
in the exploration and production of oil
and more importantly natural gas in the
Netherlands and the Southern North Sea.
NAM (50% Shell, 50% ExxonMobil) is by
far the largest natural gas producer in the
Netherlands, accounting for approximately
75% of all natural gas produced there. In 2011,
NAM produced some 61 billion m3 of gas and
430,000 m3 of oil. More than 75% of NAM’s
annual gas production in 2011 came from the
large Groningen gas field (Slochteren), with
the remaining 25% produced from the many
gas fields that exist onshore and offshore.
Most of the oil comes from Schoonebeek,
while the remainder is produced from a few
small oil fields in the western part of the
Netherlands. NAM has built underground
storage installations for natural gas in
Grijpskerk in Groningen and Norg in the
province of Drenthe. NAM’s headquarters is
in Assen and has more than 1,700 employees.
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Less Water =

More production
A West Texas well produces 500
barrels of oil a month. At $90
a barrel, it’s seemingly a small
operator’s dream, pulling in
$45,000 a month. There’s just
one small problem. This same
well produces 50,000 barrels of
water a month that costs $1 a
barrel to dispose of properly.

You do the math.
24
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> A well has reached its economic
limit when the operating costs
outweigh the profit from the
production. This situation is
often described as water/oil
ratio (WOR). When the ratio
of water gets too high for the
economic conditions, the well
or field is shut in.

Because water has a major economic impact on the
profitability of a field, controlling the influx of water
during oil production has always been an objective of
the oil industry.

As the world’s fields mature and production declines, the
water/oil ratio is getting worse. Some estimates are as
high as 20:1, says Kent Dawson, Director of Engineering,
Water Management, a business venture that Baker
Hughes began last year to create new life-cycle solutions
for controlling unwanted water production—particularly
in mature assets—and treating produced and hydraulic
fracture flowback water that does make it to the surface.
“Oil producers are also in the water business,”
Dawson says. “And, as the cost of dealing with
water increases, operators are looking for solutions
that help drive down these costs. By combining the
expertise of our Reservoir Development Services
(RDS) group with our chemical and mechanical
shutoff capabilities, and pressure pumping services,
we can diagnose, design, and deploy custom
solutions to solve excess water production issues.
“We are expanding our portfolio to include technology
designed to treat produced, flowback, and fresh water to
the minimum standards necessary for reuse in downhole
operations. With these surface treatment capabilities, we
now offer a water management plan for every phase of
the well’s life cycle.”

Controlling subsurface water
Every well has an economic life or revenue value
and once it hits that economic limit, the well is no
longer profitable. But with the dramatic rise of oil
prices in recent years, operators are finding “cheap
oil” by opening up once-productive wells that were
eventually shut in because they were no longer
profitable due to escalating water production.

Water/Oil Ratio vs. Cumulative Oil Production
100
Economic Limit
WOR (stb/stb)

Very often water is produced with the hydrocarbons and,
at times, it is necessary to provide the energy to move
the fluids through the reservoir, so it’s not realistic to
shut off all produced water. However, the majority of
produced water is a costly burden that must be dealt
with—whether it’s in the wellbore or in the reservoir, or
on the surface where it has to be disposed of or treated
on site for reuse in fracturing or other oilfield operations.
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Source: SPE 65527 by R.S. Seright, New Mexico Petroleum Recovery
Research Center, and R.H. Lane, Northstar Technologies International.

“We’re showing operators that
we can increase the life of their
wells at the end of their useful
life, where it’s most valuable,”
Dawson explains. “All the
capital that was used to
put production equipment
in place is paid for. It’s like
getting three more years
at the end of your car’s
life. The car’s already
paid for. It’s the cheapest
transportation you’ll ever
have and the best money
you’ll ever spend.”
One example of this
is a job Baker Hughes
performed on an older
well in West Texas that
had been worked over
several times. It was
producing 1 BOPD
and 466 BWPD.
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“After analyzing the existing production
data and diagnosing the issues relating
to the well, we developed a customized
gel treatment and pumped 2,000
barrels. When the well was placed back
on production, it immediately showed
enhanced production results of 50 BOPD
and 150 BWPD,” says Freeman Hill,
Product Line Manager for Subsurface
Water Management. “The first year’s return
on investment was USD 1.7 million.”
Although the primary driver behind the
company’s Water Management subsurface
business is improving the economics of

Customizing a

treatment
Analyzing the

reservoir

fields where excess water is being produced,
the same technologies can also be used in
the planning phase of a new well or field to
identify water trouble spots during drilling
and completion operations. The identification
and mitigation of communication between
injector and producer are especially important
to operators considering secondary or tertiary
recovery methods.
“Customers can be proactive and design their
wells and completions to avoid or limit future
water production or, in the case of injectors,
ensure that fluids enter the reservoir in
the right place,” says Tom Whalen, Vice
President, Water Management. “With
expertise from our RDS group, the Drilling
and Evaluation team can place wells in
the reservoir to avoid water using our
geosteering and navigation services,
then also pass that knowledge on
to the completion team to design
various mechanical systems, such as
our Intelligent Well Services, that can
mitigate water production.”
Earlier this year, Baker Hughes
began a sales training program
for its employees on how to spot
water conformance issues when
working with a customer. One
training session included more
than 20 employees from eight
different countries who work
in eight different disciplines.

< Dan Pender
> Freeman Hill

26

|

“We’re cross-pollinating our expertise
on water conformance so that everyone
is aware of how to do diagnostics, to
know what we have available, and to be
familiar with the different technologies
that may apply to a customer’s needs,” Hill
says. “We want to find the best technology
that works for each customer. We have a huge
legacy of water shutoff technologies that can
be used. They might be in different product lines,
so finding the right solution or the right application
for a technology is what we’re focusing on.”

Creating

Analyzing the reservoir
Finding the optimum solution
for controlling unwanted
water production begins with
understanding the reservoir and
determining the factors limiting recovery
of the targeted oil.

life-cycle
solutions

Managing

expectations

“Identifying targeted oil calls for
understanding the remaining oil in place, how
it is distributed, and its location in high or low
rock permeability,” explains Richard Baker, Chief
Technical Officer, RDS. “In addition, we need to know
the condition of the oil in relation to pressure and
saturation values. In other words, what are the factors
limiting recovery, and what is the recovery potential?”
Baker Hughes has recently introduced a new product
for improved recovery in secondary and enhanced
oil recovery (EOR) projects that helps answer these
questions in poorly performing waterfloods with low
volumetric sweep efficiency.
“The SweepSCAN™ well communication analysis
service is a multifaceted approach to reducing the
risk associated with secondary or EOR injection
programs,” Baker says. “It combines an energy method
that measures structural similarity with surveillance
to determine the communication between the wells.
The tool eliminates guesswork in finding the source of
excessive injection fluids being produced by identifying
the ‘short-circuiting’ well connection and enabling us to
develop a program to address the problem and then
later validate the results of the program.”
Gel treatments are used for reservoir
conformance to solve some of these
early breakthrough issues. “By using
SweepSCAN, a post-analysis can be done
to analyze the effectiveness of the
treatment,” Hill adds. “Based on this
comparison data, we can use our
new knowledge of the field to
optimize future treatments.”
A full well communication
analysis provides insight
into geology and

< Tom Whalen

< Kent Dawson

heterogeneity. “Information gathered from
well communication analysis can be used to
determine the ideal location to put a new
injection well or which areas can handle
larger injection,” Baker adds. “It can also
provide information on potential flood
expectations, direction of fluid movement,
reservoir storage capability, and time lag
between injector/producer well pairs. Lastly,
the injection process can be optimized by
using this technique to reduce the quantity
of water/CO2/EOR fluids necessary, thereby
reducing cycling from injectors to producers
that can occur as a result of ‘permeability
hot streaks’ between wells.”
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> The Baker Hughes
SweepSCAN™ well
communication analysis
service uses historical
multiphase production
and injection data to
quickly acquire a better
understanding of a
reservoir’s geological
features and the
heterogeneities that
affect flow patterns
from injection wells
to producers.

Designing a plan
In 2011, Baker Hughes acquired Gel
Technologies Corp. (Gel-Tec) of Midland,
Texas, to round out a three-tiered
conformance technology package that
includes mechanical isolation through its
Completions product line and cementing
through its Pressure Pumping business.
Started in 1993 by two West Texas oilmen,
John Gould and Dan Pender, Gel-Tec
has treated more than 2,000 wells with
polymeric gels designed to control unwanted
water production. The company’s expertise
is providing cost-effective, long-term gel
treatments as an alternative for conventional
cement squeezes in West Texas, such as
those performed in the Spraberry formation.
Discovered in 1948, the Spraberry formation
produces oil from multiple, naturally
fractured sedimentary units known for low
porosity (10%) and permeability (less than
0.1 md, often less than 0.05 md). With
marginally economic wells, one operator had
strict cost controls for any well intervention
procedures. Cement squeezes—a commonly
used water shut-off treatment—were too
expensive because of the volume needed
28
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and the cost of post-treatment drill out of
the cement.
“These wells were making a lot of
water,” explains Pender, Business
Development Director for Baker Hughes
Water Management. “We performed the
first polymer water shut-off treatment in
2003 and, because of its success, we’ve
now treated more than 150 wells, the
majority of which had lost all hydrocarbon
production prior to treatment.”
Average oil production on the first 56 wells
increased 225%, while water production
was reduced by almost 35% (from 6,100
BWPD to 3,950 BWPD). Three years
later, hydrocarbon production is virtually
unchanged in 34 of the wells.
“Much of our business has come from
oil companies that had various problems:
either poor sweep efficiency with their
injection wells or high water/oil ratios
in their producing wells. Based on our
experience, we had developed somewhat of
an engineering art to provide a solution for
operator’s problems,” Pender says. “Since
becoming part of Baker Hughes, we are now

able to work with the RDS team to better
quantify what the problem is and how to
deal with it, making our approach more of
an engineering science.”
Baker Hughes has a comprehensive line
of gel and chemical systems for improving
reservoir fluid conformance, among them
Marathon Conformance Improvement
Treatment (1MARCIT™) cross-linked
polymer gels designed to block high-flow
pathways in naturally fractured systems
that have been swept of hydrocarbons; the
2
CAPIT™ chemical gel system, a highertemperature, higher-strength version of
the MARCIT-CT system; and Unocal’s
3
UNOGEL™ high-strength gel system
that uses an organic cross linker, which
extends capabilities in reservoirs with
temperatures higher than 220°F (104°C).
“We diagnose all of the well information
that we can get to make sure that we’re
designing the proper application,”
Pender says. “We know that one design
doesn’t fit all, and that is why we
analyze the data and customize each
treatment specifically for that well.

“The integration of water inflow
detection, mechanical shut-off tools,
permanent cement retainers, and chemical
remediation into a single package with
the know-how to deliver a flawless and
seamless execution is already attracting
significant interest from our customers.”
One example of integrating products and
services to combat water production is the
Baker Hughes ZoneSafe™ gel treatment
that is applied with or without cement,
depending on the size of the leak or channel.
The ZoneSafe gel treatment gives operators
another line of defense to isolate the
wellbore from any shallow zones or other
sensitive zones.
“The ZoneSafe treatment is essentially a
polymer gel pumped down the well that
goes into the channel behind the pipe.
The gel goes into any porous space that
is open and then hardens, changing the
permeability to zero, and adding an extra
layer of protection for our customers,”
Hill explains. “It’s mixed in the blender
of the cement truck, so it doesn’t call
for any additional equipment.”

Another integrated solution is the Baker
Hughes FracBlock™ gel system, developed
specifically for the treatment of hydraulically
fractured horizontal wells in unconventional
reservoirs such as shale plays.
“When water gets introduced into some
of those horizontal well systems, it really
destroys the produceability of the horizontal
well,” Hill says. “In some of the gas shale
plays, the operator went from producing
zero gas to more than 2 MMcf gas just by
isolating the one fracture system that had
fractured into a water source.”

Polymers got a bad reputation back in the
‘70s and ‘80s when they were first being
introduced and, for that reason, some
people still shy away from using them.”
“The chemical formulation of gel polymers
has improved dramatically in the last 10 or
15 years,” explains Baker, an international
consultant on EOR. “A problem with a lot
of the early chemical floods was that iron
or particulates in the reservoir—or just
reservoir temperatures and pressures—
would degrade the polymer molecules. But
now the polymers are much more durable to
field conditions.”

Managing expectations
Today’s highly accurate reservoir
imaging capabilities, coupled with customdesigned chemical and mechanical shutoff solutions, are proving invaluable to
breathing new life into a well whose
economic life is essentially over.
So why are some operators still reluctant to
employ water conformance solutions?
“That’s the big question,” Whalen says.
“There is no doubt it performs. If applied
properly in the right scenario, it works.

“We want to give the customer options
and manage their expectations,” Whalen
concludes. “Water conformance is about
changing the flow dynamics of a reservoir,
and you can’t control every aspect of
that. Still, we hope to manage customers’
expectations and paint them an accurate
picture of what success looks like.”
1
MARCIT and 2CAPIT are trademarks of Marathon
Corporation.
3
UNOGEL is a trademark of Unocal.

> Knowing the source
of excessive injection
fluids being produced
and identifying
short-circuiting
well connections
enable engineers to
develop a program to
address the problem
and give customers
options to manage
subsurface water.
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Industry Insight

[kevinLACY]

Senior Vice President,
Global Drilling & Completions for Talisman Energy

Talisman has created a set of
Shale Operating Principles
to guide employees and
contractors in carrying out
responsible shale operations.
What are the main tenants of
these guidelines, and why are
they important to Talisman?
Shale is unparalleled in terms of size and
opportunity, so it has a strategic significance
in satisfying energy demand, particularly in
North America. But, unlike offshore drilling
or a lot of basin drilling where the public
knows it’s there but doesn’t see it every day,
shale drilling is in people’s backyards. It’s
on their land. It’s in their neighborhoods.
They can see a drilling rig, and they can
hear people talking about what’s going on
below the surface. But they’re not quite
sure what they know or don’t know; what
to believe or not to believe. Is it a hazard?
Is there a concern? Is there the possibility
of contaminating their drinking water? This
situation is a little more unique than what
we’ve dealt with in the past because there’s
this lack of understanding and uncertainty
about whether shale drilling is safe or
unsafe and, by the way, it’s right next door.
So, that’s why it’s important.
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The basic tenants of the Shale Operating
Principles focus on how Talisman will
minimize the impact of our operations on
the environment, how we will benefit the
communities in which we operate, and
how we will provide transparency into our
operations in a very open and partnering
way. So those are the high levels, and each
of these principles has specific objectives
that get more detailed. It’s not dissimilar
to how we work in protected areas, on
state lands or offshore, but shale is a new
environment and something different for
the average person. The Principles put
everything in one place and show we are
trying to be very open in how we operate.

Low natural gas prices have
prompted many exploration
companies to shift their focus
from gas to liquids in North
America. How has Talisman
reacted to the trend, and
how is producing wet gas
different from dry gas?
Because shale gas or unconventional gas
has been so successful, there has been a
large volume of gas brought to market. As
natural market forces took over, some of
the prices in basins have declined to below

the price it takes to make them economical
projects. So there has been a shift of drilling
activities more toward the liquids-rich gas or
the shale oils. It is pure economics. Talisman
had, at one time, 15 rigs running in the
Marcellus basin—one of the most prolific
and probably lowest-cost basins for dry gas.
But current prices are below what makes it
economical. So we shifted from 15 rigs to
one rig over a period of just six months—a
very dramatic downshift in terms of activity
levels. It wouldn’t take a lot to bring it back
to a more active level, but you have to have
some comfort of a couple of years of stable,
moderate pricing, probably in the $3 to $5/
Mcf range to really give you confidence to
commit to drilling rigs, programs, and people
to move back into those areas. So there has
been a shift. The industry is moving toward
the liquid plays. I’m confident that when
the gas prices pick back up, it’s not going to
necessarily take away from the liquids part;
it just means more growth in total drilling.
How is producing wet gas different than
dry gas? That’s actually something I don’t
think we fully understand yet. We have had
success over the years in drilling tight gas
reservoirs, and now into the pure gas or the
predominantly dry gas in the shales. The
physics of flow—the things that are actually
happening down at the rock particle size—

are pretty unique when you add liquids.
There’s a whole set of things we have to
learn about how these reservoirs behave,
what the production is, what the recoveries
are. I think it’s still very early—maybe in the
first one or two years of a 10-year learning
curve—of what is good, wet gas in a shale,
what the produceability and the recovery
rates are. So it’s very early, but I think there
is quite a bit of difference and there will be
quite a bit learned over the next 10 years.

In shifting from dry gas to
liquids, what technological
advancements are needed?
Going back to the fundamentals in terms of
the rock properties—the liquid properties,
the flow properties—there’s a lot of
opportunity for advancing the science of
exploring, locating, and identifying what
might be gas and what might be liquids. It’s
a very slight difference in place between the
dry gas or liquids-rich gas and condensate,
and the oil phase, so there’s quite a bit to do
on the exploration side.
Drilling is pretty conventional in terms
of what’s been done for the last five
to 10 years, so the new opportunities
are in the completion and stimulation

areas and the ability to produce and to
optimize from either the completions and/
or how the wells are produced. So that’s
where I see the technology advancements
probably being the furthest behind
and having the most opportunity.

Hydraulic fracturing is a concern
among many residents in
parts of the US and in Canada,
as well as internationally.
How does Talisman work
to educate communities
where it’s operating?
In the Marcellus basin, for example, oil
production started in the 1850s, but there
hasn’t been major active development for
some time. So, people were unfamiliar with
not just shale drilling operations but oil and
gas operations in general.
Because the fracturing part of shale
gas development is unique, there are
concerns about it. There have been some
examples of groundwater contamination
and some areas where there seems to
be communication of gas to surface. The
Marcellus area has a lot of very shallow
coal seams that are very conductive to
gas flow. They’ve had a history of gas

Q&A
to surface long before drilling and long
before fracturing. So part of the challenge
is to separate what was already there and
then what is connected with the drilling
operations and the fracturing operations.

We have held community town halls and
receptions. We’ve had local newspaper
articles and met with local legislators and
regulators so they would have a better idea
of exactly what we were doing. All you can
do is give the people lots of facts and just
keep engaging them in dialog.

Talisman recently reorganized
its Global Drilling &
Completions group. What
was the guiding philosophy
in making this change?
Before the Global Drilling & Completions
group existed, we were mostly a Canadian
and North Sea drilling organization, with an
operation in Malaysia. As Talisman expanded
into more locations, such as Peru, Colombia,
Kurdistan, and Poland, it became obvious
that we couldn’t always rely on what we
knew out of the North Sea or Canada. So
it was partly an effort to build a capability
with people and then leverage those people
to be able to drill wells in many different
www.bakerhughes.com
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places, some fairly new and remote. The
other part is, by having a single global
organization, we’ve made it easier to partner
with our suppliers, implement best practices,
and be a very competent operator on all
these well types so we can manage safely
and efficiently in terms of cost.

What value does Talisman place
on reliability and on health,
safety, and environment?
One of the things that I like most about
Talisman is that, for a mid-size company,
it has the kind of values and approach to
safety that is often seen at a much larger
company. I think the Shale Operating
Principles are a good example of that. From
the top down there is a very, very strong
emphasis on safety, on doing things right,
on not rushing things that may come into
conflict with safety. It’s very important to
me personally to feel that I’m working for
a company that wants to be known as the
safest operator. So, we’ve worked really
hard over the last two years to understand
what that takes and how you do that at a
company our size.
We have, in several cases, slowed operations
down. We’ve delayed startup or spud dates
because we weren’t fully comfortable that
we were all ready. So I think it’s one of those
areas where not only do we say it, but when
those things come into conflict, management
is supportive in spite of the cost to delay or
defer startup. That, I think, reinforces what
we’re trying to do from a safety, reliability,
and efficiency point of view.
The Global Drilling & Completions
organization has done a very good job
on our remote wells and starting up and
minimizing the significant negative events,
but we still have some opportunity for our
shale drilling to have more reliable and more
efficient operations.
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The industry challenge for
replacing staff in an aging
workforce has been well
documented in many studies
and publications. How is
Talisman facing this challenge?
This is a global issue and not unique
to any company. It’s driven largely
by industry demographics and the
expanding set of operations that we
have both on land and offshore. So
it’s kind of every company’s reality.
I would offer the industry has gone through
the first cycle by taking people from one
another and trying to kind of lure itself into
the false security that there’s a win/lose
solution here, when the reality is, there isn’t.
I think companies are starting to think a
little more deeply about this. Certainly,
Talisman looks to leverage our people. We
recognize that we can connect our technical
experts in Aberdeen or Houston or Calgary
to the rest of the world through technology,
and be a lot more open and flexible about
how we work. We don’t have to fly a person
halfway around the world when we can
have a video conference. Technology can
also play a vital role by providing a more
consistent way of planning and designing
our wells in a more common software. Then
you have some efficiencies in terms of how
you use your people, how they’re able to
work with other groups.
So it’s a smart use of the people that you
do have. You’re going to solve it in multiple
levels, and the first is to get as much out of
the people you have.
Another thing we are doing is making sure
we have certain expertise in key areas and
that we leverage that expertise across the
operation, because not everyone can have
a cementing expert or a directional drilling
expert, but yet we need those skill sets every

week in some location. That’s another thing
we’re doing—trying to understand how to
better develop and accelerate employees’
competencies through technical networks.
And then, finally, I think it’s the reality of
taking advantage of a technology that can
either monitor, analyze, or replace, in some
cases, experience that you no longer have.
There’s no silver bullet. There is a lot of
things that you have to do, and I think we
can kind of shift from a win/lose poaching
situation to being more successful with
fewer people, and that’s just the first reality
companies have to wake up to. But, in the
final outcome, the industry does have to
bring in more people, and we will have to
accelerate their learning curve faster than
we’ve done previously.

What is your outlook for
natural gas in North America?
I think Talisman’s outlook would be
fairly consistent with what you see in
the press. There is certainly a floor, and
we’re kind of at that floor where it gets
low enough that it starts replacing coal.
Then that provides a bit of a foundation
for the low end. On the upper end right
now, it’s kind of in two areas. We have
North America, where there is a surplus
and therefore gas prices are definitely
depressed, and then you have other parts
of the world where gas is $6, $8, $10/Mcf
because it’s more linked to oil prices.
The unfortunate part about the floor is it’s
lower than most of the plays will support
development, so when we talk about a $3/
Mcf floor, it would really be hugely beneficial
to instead have a $4 or $4.25 gas price. So
our view is there is still some sorting, some
stabilization to come out, particularly in
North America. It could be in the $3 to $5
range. That doesn’t sound like a big range,
and it’s not. The unfortunate part about it is

that within that narrow range there can be
a pretty big difference in development and
in activity levels. So I think our view is that
longer term it will get more toward the $4 or
$5 range. Certainly for the next year or so it
may still be depressed because of the supply
and demand situation.

Describe the ideal working
relationship between an
operator and a service
company, and how can that
relationship be strengthened?
Unlike the auto industry or the aerospace
industry, there is often in our business a very
short-term horizon, a very frequent turnover
in people, frequent turnover in decisions, so
it does not lend itself well to establishing a
relationship with core suppliers that can stay
the course over multiple years.
But, having said that, there are great
success stories when an operator and a
service company or a drilling contractor,
in some cases, have really come together
and decided there’s just a better way to do
business. From the operator’s perspective,
almost everything we do provides a very
good economic margin, so there is an
opportunity for the service companies
to gain more market share, to gain more
business, and it really does come back to
the earlier discussion around reliability and
service quality.
So while our business is not always
the best role model for partnering, the
economics usually work pretty well if people
will persist in making that partnership
work and be a little bit persistent and
have some duration to the effort.
In my experience, to build those kinds
of partnerships, you really do have to
have a mutual respect. Often you’ll feel a
sense that there is kind of an adversarial

approach, and I know, in particular in my
conversations with senior management
at Baker Hughes, they are trying to bring
us solutions as opposed to trying to sell
us something. So it’s that kind of mindset
that the operator has to take in terms of
respect. Most service companies have a
tremendous breadth of knowledge because
they work with all operators. So they can
bring value to the table, but they’ve got
to be welcomed as a partner as opposed
to being treated as a salesperson.
Another thing is openness. Many operators
are hesitant to give out the details of their
plans or be very clear until just the last
minute, which makes it a very difficult
environment for the service companies
to work in. So you need to have a lot of
transparency, again, in what’s important—
which wells, which projects, what is your
six-month plan, your 12-month plan—full
well knowing they’ll change, but giving the
service company something to work off of
other than guesswork. So that is another
way the operator can help.
I’d say another area is to be organized in
how you work together, how you meet
periodically to discuss the results, the
business ahead, and then to keep that
pretty consistent so that both groups can
count on the dialog, both in terms of what
the results have been, what the technology
opportunities are, and what the go-forward
plan looks like for the next six to 12 months.
Most of it is just making commitments to
a way of working and recognizing that
there’s plenty of room for using additional
resources, technology, and for the operator
to benefit from that.

Kevin Lacy

joined Talisman Energy as the Senior
Vice President of Drilling & Completions
in February 2010. He has worked
in the oil and gas industry for the
past 32 years. His career began with
Chevron U.S.A. in New Orleans,
Louisiana. Lacy rose through the ranks
of Chevron in various roles in Drilling,
Production, and Asset Management to
ultimately become Vice President of
Global Drilling and Completions at the
merger of Chevron and Texaco.
After spending 26 years with Chevron,
Lacy retired and joined BP in July
2006 where he initially held the
role of Drilling and Completions
Head of Discipline for the Western
Hemisphere. He then held the position
of Vice President for Drilling and
Completions in the Gulf of Mexico. He
was responsible for the central team
established in 2008 to manage all
drilling and completions operations
for the Gulf of Mexico.
Lacy holds a bachelor of science with
honors in petroleum engineering from
the University of Tulsa and an MBA
from the University of California at
Berkeley. He was elected to the Tulsa
University Engineering Hall of Fame in
2002 and received the International
Association of Drilling Contractors
Exemplary Service Award in 2007.
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Scale,
paraffin, asphaltene,
and salt buildup can undermine
a well’s ability to flow. Baker Hughes
Sorb™ solid inhibitors penetrate deep into
the reservoir to prevent damaging buildup before
it begins, and continue to inhibit deposition long after
other methods.
Scale deposition in producing wells has been cited as one
of the leading causes of declining production worldwide. The
industry spends billions of dollars each year controlling and
removing scale, replacing equipment that it has damaged
or destroyed, and repeatedly working over wells to
restore lost production. Scale is one of several unwanted
chemical manifestations of hydrocarbon production that
can reduce a well’s ability to flow. Others include paraffin,
asphaltene, and salt.
A key part of the Baker Hughes StimPlus™ flow assurance
service, the Sorb™ family of solid inhibitors can be compared to
time-release encapsulated medicine that works preventively
to slow or prevent unwanted material deposition before it
becomes problematic, then continues to treat the well,
tubulars, and production facilities throughout their
productive life. Slow-releasing inhibitors, bacteriacontrol additives, and other chemicals are
placed on inert, proppant-sized, solid
particles. These solid Sorb
particles are then

added to
proppant and pumped deep
into the formation in a fracture stimulation treatment, a gravelpack or frac-pack completion, or a prepacked sand control screen.
Currently the Sorb family includes ScaleSorb™, ParaSorb™,
AsphaltSorb™, SaltSorb™, CorrSorb™, and BioSorb™ products.
The long-lasting specialty inhibitors help prevent flow-blocking
scale, paraffin, asphaltene, and salt deposition, and control
corrosion and bacteria over an extended period of time. As solid
materials, they also eliminate potential surface liquid spills that
could leach into groundwater or surface water. And, because
they are highly efficient and release slowly over
time, Sorb inhibitors can reduce
34
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concentrated
chemical returns that often
follow well treatments using liquid-based
products. The result is a big win for operators: fewer
workovers, less lost production and concern about
chemical disposal, and reduced operating expenses.
“Historically, we have treated wells with liquid chemical
inhibitors to control mineral deposition,” says Steve Szymczak,
Baker Hughes StimPlus Product Line Director and an early
proponent of the Sorb family. “The drawback of this type of

Scale

treatment is that a
liquid chemical has no natural
affinity for the rock, so it does not adhere
to the formation rock. Liquids tend to flow back
with the production, thus providing a relatively short
treatment life in the formation.”

Many well conditions exist where unwanted organic or
mineral deposits occur on the formation side of the perforation,
as well as in the near-wellbore area, and in tubulars. From the
perspective of a liquid chemical treatment, there are three standard
alternatives: continuous, batch, or squeeze. The continuous and
batch methods require regular and frequent trips to the wellsite
to manage treatment. A squeeze is performed periodically
and typically lasts for six to 12 months. Once the chemical
falls below the minimum inhibitor concentration, problems
can develop quickly.
“For example,” Szymczak says, “if the wellsite is visited only
once a week, and between visits a pump inadvertently turns off
for a week because of a mechanical problem, the well will not
receive the necessary inhibitor treatment. Now, you’ve got
the potential for increased failure rates and operational
expenses. Chronic problems like this can lead to an
expensive workover to remove deposits, repair
corrosion-damaged equipment, or re-establish
near-wellbore communication within the
reservoir. You also have to look at
nonproductive time (NPT) and
lost production.”

Solid Inhibitors Provide
Solid Solution for Flow Assurance

Away
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According to Szymczak, it is
the Sorb products’ solid-state,
slow-releasing composition that
enables them to both prevent
and treat flow-blocking buildup
better than other methods. In a
hydraulic fracturing operation,
the solid inhibitor can be added
to the fracturing fluid with the
proppant and pumped deep
into the formation. Here, it
can begin to treat produced
fluids before they reach the
near-wellbore area, where
pressure or temperature
changes promote deposition.
The Sorb inhibitor is fed into
the sand train during fracturing
operations and is distributed
evenly throughout the fracture.
As the well produces, the
inhibitor is released slowly over
an extended period of time. The
entire well can now be treated.
And, a single treatment can
ensure hydrocarbon flow and
prevent intervention and related
cost and NPT for several years.
“Bear in mind,” Szymczak
says, “that the chemical in a
particular Sorb product desorbs,
or releases, based on the
produced fluid. For example,
ParaSorb and AsphaltSorb
inhibitors are oil soluble and
desorb into the hydrocarbon
phase. The ScaleSorb product
and the other inorganic Sorb
products are water soluble and
desorb into the aqueous phase.
“There are cases where
ScaleSorb inhibitors have been
present in a formation for more
than 24 months before the
onset of water production,” he
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says. “The time in waiting had
no deleterious effect on the
chemical efficacy.”
When evaluating the value
of a solid inhibitor treatment,
two parameters are used:
longevity and cumulative
treated production. Since the
Sorb solid technology was
commercialized in 2005, the
longest-documented treatment
has been with the ScaleSorb
inhibitor. Since the treatment
was pumped seven years ago,
the well hasn’t experienced a
scale-related well failure, and
no supplemental scale inhibitor
treatments have been required.
The highest cumulative treated
production without scaling
problems has been more than 2
million barrels of water.

Assuring Appalachia flow
In the coalbed methane fields
of Virginia and West Virginia,
fracture stimulation is both a
blessing and a curse. Hydraulic
fracturing is essential to
achieve economically viable
gas production, but it also
causes water production, which
increases the likelihood of scale
deposition that can reduce
the benefit of the stimulation
operation in a matter of weeks.
Because the wells are remote
and marginally economic even
after stimulation, traditional
inhibitor squeezes and batch
injections stretched the
economics for one operator.
The decision was made to
use Sorb technology. The job
recommendation included
blending proprietary ScaleSorb

> 1% by weight
ScaleSorb
particles with
20/40 highperformance
proppant grains

inhibitor in the stimulation fluid
with the proppant.

The idea of solid inhibitors
that could be pumped into the
formation with proppants came
from informal conversations in
the lab between Baker Hughes
fracturing expert D.V. Satya
Gupta and scale inhibitor expert,
the late Joe Kirk.

fracturing,” Szymczak says. “We
developed Sorb inhibitors to
take advantage of that injection
of water by using the hydraulic
fracture operation as a delivery
system. We said, ‘Well, the water
that’s going to deposit scale
and the crude oil that’s going to
deposit paraffin and asphaltene
are already out there in the
formation.’ We thought that by
adding a solid inhibitor to the
fracturing fluid along with the
proppant during the fracture,
we could begin inhibiting at
the point of potential mineral
or organic deposition, before
the produced fluids reach
the sensitive areas where
temperature or pressure changes
commonly cause flow assurance
and corrosion problems. By
doing that, we could protect
the fluid throughout the time it
spends in the formation, at the
near-wellbore, in production
tubulars, and through the
surface facilities.”

“The only occasion in the life
of a well when it is desirable
to add copious amounts of
water is during hydraulic

Sorb inhibitor codeveloper and
Baker Hughes Pressure Pumping
Production Enhancement
Business Development Director

Baker Hughes pumped the
fracturing treatment in May
2005. More than four years
later, the operator reported
that the well had experienced
no scale-related production
problems, and the well’s
produced water still contained
sufficient inhibitor residuals to
protect against scale deposition.
The operator continued to
routinely include ScaleSorb
material in all subsequent
fracture stimulation designs.

Envisioning a unique
delivery system

Gupta recalls the serendipitous
coincidence that completed the
Sorb product development chain.
“Joe had been working on a
scale inhibitor that was being
pumped into the rathole to
prevent scaling of tubulars,”
Gupta says. “He came to me
because of my background in
fracturing and asked if I could
develop a new generation of
controlled-release inhibitors,
which we did. We found a use
that really took off. It was a
logical progression, and based
on the success, we worked
with paraffin and asphaltene
deposition expert Harold ’JR‘
Becker to develop the ParaSorb
and AsphaltSorb offerings.”

Extending applications
In the seven years since they
were commercialized, Sorb
solid inhibitors have been used
in more than 10,000 wells.
Most applications have been
in tight oil and gas land wells,
including unconventional shale
wells. According to Szymczak,
product development efforts
are now focusing on expanding
the inhibitors’ applications for
offshore and deep water, and on
extending the life of downhole

pumps, including electrical
submersible pumping systems.
In the Gulf of Mexico, wells that
had been completed with sand
control completions developed
scaling, and gas and oil
production declined. An operator
decided to use ScaleSorb solid
inhibitors in a subsequent well,
in a prepacked screen in a
gravel-pack completion. Based
on existing parameters, only 60
lb (27 kg) of the inhibitor could
be used with 2,000 lb (907 kg)
of proppant (3% by weight).
However, the quantity of
inhibitor needed to be increased
to improve the likelihood of
long-term treatment.
The operator considered using
a prepacked screen filled with
100% of sieved solid inhibitor.
The screen was designed to
allow placement of 166 lb (75
kg) of ScaleSorb inhibitor inside
it as a prepacked material. The
screen was successfully installed
in December 2009, and the
gravel pack was placed. The
well was brought on production
in January 2010. It originally
produced 11 Bcf/D, with 500
BFPD of condensate and no
water. Production was better

than expected, indicating a
successful gravel-pack design
and sizing of prepacked screen
material. As of August 2012, the
well was still producing, with no
additional treatment required.
Szymczak says the next
Sorb products, Sorb™ Ultra
intermediate-strength inhibitors,
will use nanomaterials to create
a technology that combines
the slow-release profile of
other Sorb products with the
strength of an intermediatestrength proppant. The new
Sorb Ultra inhibitors, scheduled
for field testing late this year,
will be particularly valuable in
costly deepwater wells, where
operators need larger quantities
of a stronger inhibitor to delay
or prevent workovers.

Adding up the savings
in the Wolfberry trend
For operator RSP Permian,
using ScaleSorb and CorrSorb
inhibitors is generating big
savings in the Wolfberry trend
in the Texas Permian Basin. RSP
Permian has been completing
wells in the area with up to 10
commingled producing intervals.
Previous attempts at chemical
scale inhibition had proved

unsatisfactory. The company
began using Sorb solid inhibitors
in 2010. Since that time, these
products have been used to
treat more than 120 wells, with
no intervention required on any.
Based on an average cost of
USD 15,000 per intervention,
the savings for 120 wells over a
two-year period approach USD
2 million, without considering
lowered NPT and deferred
production costs.
According to RSP Permian Vice
President Operations Bill Huck,
the only intervention has been
to change a rod pump and
parts, and no scale was found
on the downhole equipment.
Current plans call for completing
eight wells per month for
the foreseeable future—and
continuing to use Sorb products.
“We have been well satisfied,
not only with the products
themselves, but also with
the service and education
provided by Baker Hughes
personnel in the yard and on
location,” Huck says.

> Sorb chemicals
are pumped with
proppant during a
stimulation treatment
to provide deep,
long-lasting results.
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M
> Dr. Gigi Zhang, Product Line
Manager for Mineralogy Services
at Baker Hughes
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MAX
Taking Core Sampling to the

MaxCOR™ technology provides larger rotary
core samples for increased accuracy of rock
and fluid analyses
If geologists had the ability to travel down
the wellbore and physically inspect a
formation’s rock and fluid characteristics
within minutes, their jobs would be
incredibly simple.
While its capabilities may not promise
such an impossible feat, the Baker Hughes
MaxCORTM rotary sidewall coring service
provides the next best thing—fast,
accurate 1½-in. (3.8-cm) diameter core
samples with 125% more volume per unit
length when compared to conventional
rotary sidewall coring tools.

The award-winning MaxCOR service was
the first rotary sidewall coring tool on the
market capable of acquiring larger, higherquality samples while operating at the
highest temperature and pressure ratings
in the industry. The MaxCOR service can
reliably retrieve 60 samples during a single
trip in wellbores that can range from soft
to hard lithology, in highly overbalanced
formations, or in environments up to
25,000 psi (172 MPa) and 400°F (204°C).
The innovative coring service provides
a huge impact on the accuracy of
reservoir rock and fluid analyses, such
as porosity, relative permeability,
capillary pressure, water saturation,
geomechanical, and other special
core analysis (SCAL) properties.
“The step change in this technology is it
gives you a bigger core sample, and when
you do lab measurements, they are more
accurate,” says Dr. Gigi Zhang, Product
Line Manager for Mineralogy Services at
Baker Hughes. “That accuracy means a lot
to the operators.”

www.bakerhughes.com

|

39

> Outstanding technical leadership and a “can-do” attitude from designers, engineers, and technicians resulted in an award-winning coring system.

Industry needs/development
Acquiring reservoir rock samples is important
for obtaining a representative description of
a reservoir that’s several thousand feet deep.
Several factors, including data needs,
the stage of the asset life cycle, reservoir
characteristics, and cost consideration,
influence an operator’s choice in coring
options. Therefore, Baker Hughes
offers conventional coring and rotary
coring as complementary services.
Conventional coring, which is the
retrieval of a trunk of formation during
the drilling process, offers the greatest
sample volume for the evaluation process.
However, if operators have bypassed
the opportunity to acquire conventional
cores or realize they need to obtain
cores after a well is already in place,
sidewall coring is a viable, cost-effective
alternative for retrieving rock samples.
Sidewall coring services are performed via
wireline, using either a percussion method
that shoots a charge or applies a rotating
40
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coring bit into the wellbore. Both methods
retrieve multiple formation samples at a
faster rate than conventional coring, but the
percussion method doesn’t provide highquality, intact samples. The use of the coring
bit in the rotary sidewall coring process
returns a less damaged, higher-quality
sample than percussion coring.
Standard rotary coring tools provide cores
of 1 in. (2.54 cm) or less in diameter
and of a typically short length, so Baker
Hughes developed the MaxCOR service to
acquire larger-diameter, longer cores as a
way to increase the sample size. A larger
bulk volume of sample means larger pore
volume, and the accuracy of many lab
measurements is directly proportional to
the pore volume, meaning these larger
cores will obviously increase accuracy.
“For example, the stock tank oil initially in
place [STOIIP] is a critical reservoir attribute
that tells the total hydrocarbon content
of an oil reservoir,” Zhang explains. “It is
a function of bulk rock volume, porosity,
water saturation, and formation volume

factor. If you have a very minor error in any
of these key parameters when determining
STOIIP, that means millions of dollars to
the operator. So if you can reduce the
uncertainty in determining those properties,
then certainly it has a huge impact.”
The path to the MaxCOR tool development
was two-fold. First, with the goal of
providing a faster and more reliable
coring service, Baker Hughes engineers
completely revamped the legacy sidewall
coring tool to develop the Baker Hughes
PowerCOR™ rotary sidewall coring tool,
which retrieves the industry-standard,
1-in. (2.54 cm) diameter core samples. At
this stage of the design that eventually
led to the MaxCOR tool, Baker Hughes
engineers focused on improving areas
where the device could deliver better
performance. Many of the old-generation
tool’s complex components were simplified,
such as a new core separator design
with fewer moving parts to significantly
enhance the reliability of the operation.
Since the coring bit is the heart of the

operation, engineers replaced the hydraulicdriven powering mechanism with a DC
electrically driven motor that allows the bit
to rotate more than three times faster. This
results in a significant time reduction when
coring each sample, which in turn saves
valuable rig time. The direct-drive electric
motor is controlled by a sophisticated
downhole power management system that
ensures maximum power transfer efficiency
under all load and borehole temperature
conditions. The bit itself is a patented design
that matches the greater rotational speed of
the electric motor. The new bit design also
allows cuttings to be cleared more easily,
enhancing the tool’s performance in highoverbalance conditions.
The second stage of the MaxCOR tool’s
development focused on a simple
compatibility design with the PowerCORTM
coring tool, allowing just the mandrel
section of the PowerCOR tool to be swapped
out for a MaxCOR tool mandrel when a
larger core sample is needed.
“The design philosophy was to share
as much as possible between the two
services, which allowed us to cut down
manufacturing costs and pass on the
savings to customers,” Zhang states. “It
also offers our geomarkets flexibility to
run either service and saves logistics costs,
because instead of ordering two complete
strings, they can just order one string and an
additional mandrel.”
The need for a coring technology that
delivers larger samples at a faster rate
was first driven by a customer that had
made a measurable discovery in offshore
Brazil. The formation was highly complex
and called for SCAL-size or largersized core samples to provide a more
accurate reservoir characterization.
In March 2010, Baker Hughes conducted the
first successful MaxCOR service field tests

in a deepwater Brazil field. The operator
requested 90 cores in the Campos basin,
primarily in reservoir rock, and the MaxCOR
service recovered 94 cores. The MaxCOR tool
drilled each core in an average of 4 minutes
and 36 seconds, with maximum lengths of
2½ in. (6.4 cm) and an average core length
of 2 in. (5.1 cm).
During a subsequent field test in the Santos
Basin, Baker Hughes deployed the MaxCOR
service to successfully complete a 52-core
program in two runs. Several more jobs have
been run for the same operator, with an
overall operating efficiency of 98% and core
recovery efficiency of 97%.
In addition to the deepwater work Baker
Hughes has done, the MaxCOR service
has been used successfully in a number of
US shale plays, including the Eagle Ford,
Marcellus, Niobrara, and Bakken.
“The MaxCOR service is geared more toward
complex reservoirs like shale reservoirs.
For those types of reservoirs, we’re not just
determining the conventional petrophysical
properties, but also some special ones
like total organic content,” Zhang says.
“In addition, shale core samples require
different lab protocols than regular samples,
and many measurements end up with the
core being unusable for following tests.
Getting more sample volume in relatively the
same amount of rig time affords operators
the chance to conduct more destructive
types of lab analyses. We actually see the
most applications in the various shale basins
for both US and international operations.”
Zhang adds: “In high-profile, premiere
markets like deepwater and offshore
environments where operators face higher
rig rates, the MaxCOR service strikes an
excellent balance between providing the
necessary amount of rock samples for
accurate evaluation and minimizing the time
required to retrieve the cores.”

Industry recognition
In addition to delivering impressive
results at the wellsite, the efforts of
Baker Hughes engineers were further
distinguished when the MaxCOR service
was presented with a Spotlight on New
Technology Award at the 2012 Offshore
Technology Conference (OTC) in Houston.
The award recognizes innovative products
featured each year at the OTC showcase,
and highlights the technologies expected to
lead the oil and gas industry into the future.
Among the criteria by which the award
is judged, the MaxCOR service has made
an industry impact by being innovative,
appealing to broad interests, and providing
significant benefits.
The MaxCOR service also won an
American Society of Mechanical Engineers’
Woelfel Best Mechanical Engineering
Achievement Award, which recognizes
the best innovation using mechanical
engineering in solving problems.
Alan McFall, Chief Systems Engineer for
Baker Hughes Drilling and Evaluation,
took part in the presentation ceremonies,
stating, “For the MaxCOR system to achieve
status as a successful high-temperature,
electrical-motor-driven coring system, we
had outstanding technical leadership and
a ‘can-do’ attitude from our designers,
engineers, and technicians.”
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approach to sustainable oilfield chemistry
Baker Hughes SmartCare™
environmentally responsible
chemical products help E&P
companies meet three critical
needs: delivering on production
targets, reducing environmental
concerns, and complying with
regulatory requirements.
Now, the SmartCare product
family is expanding.
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During the past few years, the boom in
hydraulic fracturing and the Macondo
field disaster in the Gulf of Mexico have
brought about a surge in public concern
regarding the safety and environmental
impact of oilfield operations. At the same
time, the demand for economically viable
development of offshore, mature, and
unconventional hydrocarbon resources has
heightened exploration and production
(E&P) companies’ requirements for
high-performing chemical products to
help them achieve their production
targets. Since 2009, the Baker Hughes
SmartCare™ family of environmentally
responsible solutions has helped operators
achieve both production and compliance
objectives for hydraulic fracturing
operations. Now, the SmartCare products
are being expanded to include drilling and
completion fluids, production chemicals,
and additives used in cementing and
stimulation operations.
“This expansion gives operators greater
confidence that the chemicals they deploy
have been thoroughly qualified to meet
existing and anticipated regulations,
without sacrificing performance,” said
Baker Hughes President of Global
Products and Services Art Soucy at
a recent announcement event. The
expansion makes Baker Hughes the
first oilfield services company to
apply a comprehensive, standardized

environmental
assessment process
to products beyond
those used in hydraulic
fracturing.
Before designating a
product as a member of
the SmartCare suite of
products, a dedicated team
of scientists, chemists, and toxicologists
evaluate and rate the components
of a chemical product for potential
environmental and health impacts.
The product is further qualified for
optimal performance, cost effectiveness,
consistent quality, and compatibility.
Insights gained from the rigorous
evaluation also guide the research and
development (R&D) of increasingly
sustainable SmartCare products.
“It’s important to remember that the
United States does not yet have any
federal regulations governing the
application of oilfield chemicals in oil and
gas wells, although several states have
passed, or are in the process of passing,
regulations,” says Harold Brannon, Baker
Hughes Vice President, Technology,
Pressure Pumping. “But, we knew that
the regulations would come eventually, as
they have in other parts of the world, and
we just decided that we needed to take a
leadership position.”

Pursuing
environmental
excellence
The company’s leadership in
the pursuit of environmental
excellence can be traced
back to 1914, when the first
Baker Hughes chemical product,
TRETOLITE™ demulsifier, helped solve an
environmentally hazardous water and oil
separation problem and helped producers
make more money in the process.
In 1970, the company established the
Environmental Services Group (ESG)
with laboratory capabilities in St. Louis,
Missouri, with the mission of continually
improving the environmental soundness
of Baker Hughes chemicals while ensuring
that they deliver top performance. The ESG
provides technical support for worldwide
chemical product registration and listing,
product development for environmentally
sensitive markets, and product profiles for
environmental assessments. To date, Baker
Hughes has invested more than USD 20
million in environmental testing of more
than 2,000 products. In late 2010, the
capabilities of the ESG were substantially
expanded with the addition of dedicated
www.bakerhughes.com
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“How can we help
improve oil and gas
production without
harming the
environment?”
laboratory
facilities in Stavanger,
Norway.
“The chemists and
toxicologists in the ESG are
part of a larger network of
internal and external resources that include
operators; health, safety, and environmental
(HSE) professionals; technology innovators;
and regulatory bodies,” Brannon says.
“Everyone involved is charged with
evaluating individual products and asking
four key questions:
“What is the potential impact of this
chemical on the environment?
 “Is this chemical sustainable?
 “Can another chemical offer a better
environmental profile and deliver the
same performance?
 “How can we help improve oil and
gas production without harming the
environment?”


Brannon points out that, although chemical
evaluations are typically performed in
house by the ESG team, Baker Hughes also
employs a third-party consulting group to
identify and assess components from outside
suppliers without compromising their
intellectual property concerns.

Devising an evaluation system
The initiative that led to the SmartCare
product line began in 2009 and focused
specifically on chemicals used in hydraulic
fracturing. The objective of the initiative,
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according
to Brannon, was
to evaluate Baker Hughes
chemical products using the United Nations
(UN) Globally Harmonized System of
Classification and Labelling of Chemicals
(GHS) and the United States Environmental
Protection Agency (EPA) Clean Water Act
Priority Pollutants and Volatile Organic
Compounds lists as standards.
“We began looking for a system with a very
clear, very structured process for evaluating
and comparing additives, but found that
none existed,” Brannon says. After reviewing
some 600 different schemes that exist
throughout the world for evaluating or
approving and labeling chemical products
as “green,” the evaluation team determined
that the GHS system was “about 90 percent
there,” according to Brannon. But, its
implementation was proving to be slow and
arduous, and several of its hazard criteria
are either inappropriate or need to be
modified to address the unique needs of the
oil and gas industry.
So, Baker Hughes further refined the
comprehensive, rigorous, and transparent
evaluation process to qualify its chemical
products. The evaluation provides a
numerical rating of the HSE endpoints
associated with the individual components
of each chemical product, as well as
with the product as a whole. In addition
to the GHS-based chemical hazard

evaluation and a review of the UN persistent
organic pollutants and EPA persistent
bioaccumulative and toxic chemicals
(PBTs) lists, the Baker Hughes process
prescreens products and components to
determine their potential to meet North
Sea OSPAR criteria, which regulate the
use and discharge of oilfield chemicals.
Baker Hughes also assesses 22 different
regulatory lists from throughout the world
to help identify and address potential
regional regulatory conflicts and to
establish benchmarks where none exist.
The overall evaluation enables comparison
of functional groups of chemistries, such
as surfactants, clay stabilizers, or corrosion
inhibitors, so the most environmentally
preferred option can be selected. Compliant
components can then be combined to create
fit-for-purpose chemical solutions that
match reservoir characteristics and reduce
environmental impact.
“One very important aspect of the Baker
Hughes chemical evaluation process is that
it creates a standard platform and common
‘language’ for communication among people
at every touchpoint in the life of an oilfield
chemical, from manufacturing and handling
to use and disposal,” says Dan Daulton,
Director, Environmental Conformity and
Marketing Operations for Baker Hughes
Pressure Pumping Products and Technology.
“The objective of our evaluation process is
not just to assess environmental hazards,
but also to reduce risk.

“Risk involves two factors,”
he continues, “hazard and
exposure. Our assessment helps
all parties identify and evaluate both
hazard and exposure. From there, risk can
be scientifically assessed and addressed
without sacrificing performance.
“Better communication also enables
operators to provide credible and
transparent information to regulators,
investors, and the community,” Daulton says.

Strengthening R&D
In addition to hazard and risk reduction
and easier communication, the Baker
Hughes chemical evaluation process
helps focus R&D efforts. The information
yielded by the evaluation provides a
benchmark, by component, for future
product improvement. Following the
environmental, health, and physical
hazard assessment, the best candidates
are further evaluated for performance and
cost. Once a product has been assessed,
all of its components are input into a
database that can be accessed by the
company’s technology innovators as they
develop new, more sustainable chemicals.
Containing more than 2,500 products
and 25,000 data points, the database is
continually updated with new information
and serves as the foundation for the
development for even more high-performing,
environmentally sound chemical products.
“When we introduced the SmartCare family
of chemicals in 2010, we had certified 45
fracturing additives,” Brannon says. “The
enthusiastic market adoption of those
products gave us the confidence and
motivation to look at other product lines and
see what we could do elsewhere. Through
continuous improvement and expansion
into other operational areas, more than 100
products have been certified for stimulation
applications, and almost 100 more are
ongoing or queued for assessment. Both the

number
and the scope
of products is continuing
to grow.”

Adding benefits,
without costs
Two examples of SmartCare
products that are paying off
for operators are Sorb™
solid inhibitors and the
LATIDRILL™ water-based
drilling fluid system.
(Sorb inhibitors are the
subject of an article
that begins on Page
34 of this issue.) The
inhibitors improve
a well’s ability to
flow without
continuous
intervention
by preventing damaging scale, paraffin,
asphaltene, and salt buildup before it begins,
and then continuing to inhibit long after
other, conventional methods.
LATIDRILL fluids help operators improve
wellbore quality and increase drilling
efficiency in extended lateral sections in
unconventional shale plays. The fluids
are more environmentally favorable than
oil-based fluid systems and offer the hole
stability and superior drilling speed and
performance normally associated with
invert emulsion systems. Because LATIDRILL
fluids are water based, there is no need to
dispose of oily cuttings, and cleanup time
on the rig can be reduced by as much as
two days compared to that of oil-based
systems. Key components of the fluids are
specially purposed lubricants, which coat
metal surfaces, drill cuttings, and formation
walls to reduce torque and drag, particularly
in high-pressure/high-temperature
applications. The lubricants also enable

greater amounts of
hydraulic horsepower to be
delivered to the drill bit for
faster rates of penetration.
Not only do SmartCare family
products such as Sorb
inhibitors and LATIDRILL
fluids reduce risk and
operating cost; in many
instances, they may cost no more than their
less environmentally favorable counterparts
to produce—a “win-win” for both Baker
Hughes and its customers.
“With our SmartCare product family, we are
leading the way in offering a wide choice of
cost-effective chemical products that provide
environmentally sustainable solutions to our
customers’ challenges,” Brannon says.
Soucy agrees. “It’s exciting to be
developing and certifying products
that are more environmentally friendly
while improving performance for our
customers. We can do both.”
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Faces of Innovation

46

|

Volker Krueger’s
penchant for
promoting
technology
development is
almost legend
throughout
Baker Hughes.

As one of the company’s most prolific inventors—
he has been granted 59 US and 123 non-US
patents, and has a total of 73 published and
pending patents—Krueger has played a substantial
role in the development of downhole motor
technology, both in terms of rotor/stator power
sections and directional drilling functionality.
Some of Krueger’s bearing designs are still being used in
Baker Hughes drilling motors. In fact, most every project
that he has been involved in the past three decades has
influenced the development of Baker Hughes drilling
motors or drilling systems technology, and everyone
who has worked with him.
Krueger studied mechanical engineering and wrote
his dissertation on tribology (the science of friction,
lubrication, and wear). Upon graduating from the
German Institute of Petroleum, a research center
in Hannover, Krueger worked for a short time at
a large German bearing manufacturing company.
In 1981, he applied for a job with Christensen
Diamond Products (now a part of the Baker
Hughes Drilling and Evaluation segment) in Celle,
Germany, and was hired to study the high-wear
and high-corrosion rate of bearings being used in a
relatively new oilfield technology: drilling motors.

www.bakerhughes.com
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Influencing innovations
In 1859—the same year that
E.L. Drake is credited with
starting the modern oil industry
in North America—Germany’s
first oil well was drilled in the
Wietze field just outside of
Celle, a city of approximately
70,000 people between
Hannover and Hamburg.
Minutes from Celle’s picturesque
town center with its striking
white castle and colorful
tapestry of 500-year-old
timber-framed houses and
shops is the Baker Hughes
Celle Technology Center, a
modern complex dedicated
to research, engineering,
and testing of mainly drilling
systems, telemetry, and loggingwhile-drilling (LWD) tools.
When opened in 1957 as
Christensen Diamond Products,
the manufacturing facility built
diamond core heads and drill
bits and soon began producing
stabilizers, drilling jars, and
other drilling equipment.
Through the years, the Celle
engineering and manufacturing
teams have been at the forefront
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of innovation for many Baker
Hughes drilling and evaluation
products, including the industry’s
first steerable motor system and
the AutoTrak™ rotary closedloop system that transformed
the practice of directional
drilling—both of which were
influenced by Krueger and
his engineering teams.
Other industry standards that
Krueger had a role in developing
include the following:
VertiTrak™ automated
drilling system
 Navi-Drill™ Ultra Series and
Navi-Drill X-treme motor
technology
 TesTrak™ LWD formation
pressure testing service
 MagTrak™ nuclear magnetic
resonance measurementwhile-drilling/LWD technology


In addition, Krueger has been
an important contributor to
many cross-divisional projects. In
2006, Baker Hughes recognized
Krueger’s devotion to drilling
technology advancement by
presenting him with a Lifetime
Technology Achievement Award.

Changing industry
standards
“Baker Hughes was the first
in the market with steerable
drilling motor systems in
1984,” Krueger says. “It was
an enabling technology to
drill wells horizontally in a
controlled manner, which is
today’s standard. Looking
into what was doable with
steerable motors, we started
to think about whether we
could automate the process.”
This automated steerable
technology has its roots
in an ultradeep scientific
drilling project in Germany.
“It was a very difficult drilling
environment in which the
wellbore had to be drilled very
straight in order to run long
strings of casing,” Krueger
explains. “We integrated a
steering system into a motor
and kept the hole vertical by
immediately counteracting
when a deviation was coming
due to bit side force or when
a tendency was starting
to build up. Avoiding the
deviation, we could keep the
hole nearly true vertical, less
than a meter deviation over
1000 m [3,281 ft] depth.”

The technology deployed in this
9101 m (29,859 ft) true vertical
depth (TVD) wellbore was
the predecessor of the Baker
Hughes VertiTrak™ automated
systems technology. And, much
of the technology introduced
with this initial straight-hole
drilling system proved key
in the later development of
the AutoTrak rotary closedloop drilling system.
“In 1993, Eni S.p.A. [formerly
AGIP] decided they needed a
horizontal drilling technology
that was capable of drilling
extended reach wells in the
Val D’Agri field onshore Italy,”
Krueger says. “They entered into
a research and development
agreement with Baker Hughes
to study cutting-edge drilling
technology with the goals of
extending the length and precise
placement of horizontal wells.”
The result was the industry’s
first commercial rotary steerable
system—the AutoTrak™ drilling
system. Called the breakthrough
technology of the decade,
this Baker Hughes technology
transformed the practice of
directional drilling.

Commercially introduced in
1997, the technology allowed
operators to precisely steer
horizontal wellpaths, staying
within reservoirs with less than
1 m (3 ft) TVD while maintaining
continuous drillstring rotation
at high penetration rates. The
system’s unique capabilities
enabled well planners to
design innovative multilateral,
extended-reach, and 3D well
plans to maximize recovery with
fewer total wells.
Norsk Hydro, as the first major
oilfield operator adopting
this technology, started to
horizontally drill all of the
production wells at Troll, one
of Norway’s largest oil fields.
In 2006, the Norwegian
Petroleum Directorate
acknowledged the impact
of the technology at Troll by
awarding Baker Hughes its
Improved Oil Recovery prize
for progressive development
and application of advanced
drilling and well solutions for
oil recovery enhancement.

Engineering leadership
Along with Baker Hughes Fellow
Dan Georgi, Krueger headed

the Strategic Technology and
Advanced Research group, an
organization that focused on
technology development for
the global Drilling Systems
and Wireline product lines.
For almost 10 years, Krueger
divided his time 50/50 between
Celle and Houston.
Following the restructuring
of the entire Baker Hughes
organization in 2009, Krueger
served for a while as Director
of Research for Drilling and
Evaluation, and was responsible
for overseeing the research
centers in Celle; Houston and
The Woodlands, Texas; and
Novosibirsk, Russia.
Krueger now serves as Director
of Strategic Technology
Development, an advisory role
to product line and technology
management, as well as
to researchers and product
developers in the Drilling and
Evaluation organization. He
also forms a bridge between
Baker Hughes and potential
partners in development—
companies with technologies
that could strengthen the
Baker Hughes portfolio.

In addition, he supports
those working with him at
the Celle Technology Center,
particularly the engineers
working on the next industrychanging technology.
“Thanks to Volker’s willingness
to inspire others with his wealth
of knowledge and experience
in the technical arena, people
working with him are provided
with an attitude to search for
new solutions that are based
on the broad know-how that
exists at Baker Hughes Drilling
Services, due in no small part
to Volker,” says long-time
colleague Joachim Oppelt,
Director of Customer and
Government Projects, Drilling
and Evaluation.
Not one to mince words or
opinions, Krueger is humble in
his willingness to take credit
for the many achievements in
which he has played a role.

been important that I have the
possibility to communicate and
discuss those ideas at some
point with others. For all of my
career, it has been important
to work with a team because
when you have an idea that
could turn into something, it’s
important that you have good
groups of colleagues that you
can discuss it with and quickly
improve on it.
“If I had any career advice to
share, it would be to get on
a team and get involved in a
project. Be frank and open,
and express your ideas. Don’t
be afraid to say what you
want and what you like, but
don’t try to do everything as
an individual. I think learning
to work as a team is a very
positive experience.”

“I would categorize
myself as being somewhat
creative,” he says, “and
having had maybe a lot
of crazy ideas, it’s always

“If I had any career advice to share, it would be
to get on a team and get involved in a project. Be
frank and open, and express your ideas.”
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Latest
technology

TalonTM High-Efficiency PDC Drill Bits
Through a combination of enhanced
hydraulic, mechanical, and cutter efficiencies,
the Hughes Christensen Talon™ platform of
PDC bits improve drilling performance and
let customers drill faster and farther while
reducing days on well and minimizing costs
and risks.
Talon bits deliver consistent performance
by optimizing hydraulic energy at the bit to
ensure maximum cuttings evacuation, while
advanced diamond technology improves
cutting efficiency and increases rates of
penetration (ROP) and durability by helping
cutters stay sharper longer.
“The goal of the Talon bit technology is to
develop solutions that improve performance
while minimizing drilling and completion
costs and reducing nonproductive time
(NPT),” says Product Line Manager Matt
Meiners. “Every Talon bit begins with the
Baker Hughes DART™ drilling application
review process, which combines new and
existing technology, extensive knowledge,
and innovative designs to find exactly the
right drill bit for a specific application.”
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from Baker Hughes

The Talon platform of bits consists of
the Talon bit, the Talon 3D bit, and
the AutoTrak Curve™ system bit. All
Talon high-efficiency bits include Baker
Hughes StaySharp™ premium PDC
cutters with sophisticated diamond
technology and patented polished faces.
The Talon high-efficiency PDC bit is ideal
for first-bit-under-the-surface applications;
intermediate, vertical, and near-vertical
drilling; as well as hard-to-drill and abrasive
formations. Talon high-efficiency bits feature
a new gauge pad that uses tungsten carbide
and thermally stable polycrystalline diamond
materials to protect gauge pads and keep
bits in gauge longer.
Their short shank decreases make up length
for higher levels of control in conventional
directional drilling and increased bit side
force on rotary steerable systems.
For unconventional gas applications,
including shale plays, and conventional
directional drilling, Talon 3D high-efficiency
vector-accurate bits feature a one-piece
steel body with short bit-to-bend dimension.
They provide improved hydraulic efficiency,
greater buildup aggressiveness, and longer
life, often allowing curves and lateral
sections to be drilled in a single run.

For extra protection, every Talon 3D bit also
includes new Baker Hughes StayTough™
hardfacing, which combines advanced
materials with the most precise oxyacetylene
welding procedures to impart maximum
levels of durability. “This combination
reduces bit erosion in virtually any drilling
environment, protecting the bit body from
damaging rock formations and debris while
improving wear resistance,” Meiners says.
Talon bits are also fully compatible with
the Baker Hughes AutoTrak Curve rotary
steerable system. Working together, these
two solutions meet the challenges of drilling
unconventional plays with exceptional
accuracy, reliability, and speed.

SurePerfTM rapid select-fire system
The Baker Hughes SurePerf™ rapid
select-fire system improves decision
making and increases reliability and
results in multistage, selective, or plug
and perf perforating operations.
The system’s plug and perf design permits
efficient rigup and arming and enhances site
safety by reducing the possibility of errors
during rigup and deployment. The SurePerf
system uses a proprietary, electrical, ballistic
transfer system to eliminate the inherent
weaknesses in technology that requires onsite wiring through ported subs.

Following the American Petroleum Institute’s
recommended practices for oilfield
explosives safety (AP-RP-67), Baker Hughes
designed the system to ensure its arming
procedures and perforating operations are
safe, fast, and efficient. “The SurePerf system
exceeds industry safety standards during
wellsite rigup,” says Amro Teirelbar, Product
Line Manager, Perforating Services. “It will
not pass an electric current to detonators
unless it receives a specific command from
surface controls.”
In designing the perforating system, Baker
Hughes engineers removed the mechanical
triggering procedures (conventional pressure
switches) used in other systems. In its place,
they put an electric-before-ballistic arming
process for an entire run. This makes arming
and making up guns easier and faster.
“With the SurePerf rapid select-fire system,
additional guns can be put in the string,
allowing the operator more flexibility and
redundancy,” adds Khaled Gasmi, Product
Manager, Gun Systems. “If a gun fails to fire,
the engineer can simply skip that gun and
move to the next one. And it is all controlled
from the surface with easy-to-use software.
Operators capture all the desired zones,
according to their perforation plan, and meet
their production goals.”
With its modular electronic technology,
prebuilt components, and a proprietary,
electrical, ballistic transfer mechanism, the
SurePerf rapid select-fire system improves
safety, lets the operator get in and out of
the well in less time, reduces downtime, and
saves time and money.

WellLinkTM Radar Remote Drilling
Advisory Service
The Baker Hughes WellLink™ Radar remote
drilling advisory service combines powerful
capabilities to present fast and practical
solutions to potential drilling problems.
It incorporates real-time, around-the-clock
surveillance, interpretation, and advice from
Baker Hughes remote service engineers;
automated decision support from the
Verdande Technology DrillEdge™ case-based
reasoning platform; and best practices and
lessons learned from Baker Hughes extensive
knowledge base.
The WellLink Radar service is built on a
simple premise: similar problems have
similar solutions. The Baker Hughes
BEACON™ remote platform enables offsite
engineers to monitor real-time drilling data.
The DrillEdge case-based reasoning software
takes the data and automatically, and
consistently, identifies drilling events and
trends that may merit further investigation.
Remote experts then investigate symptoms
that could lead to drilling problems to decide
and recommend the best course of action.

With remote, 24/7
surveillance, these events are
recognized and diagnosed and generate
a collaborative, proactive response from a
global team of experts—a response based
on proven experience and real-life solutions
to similar events.
According to Andreas Sadlier, Product
Line Manager, Surface Logging and Data
Solutions, “We provide customers with
a dynamic, real-time decision support
solution that can reduce drilling uncertainty,
minimize nonproductive time, increase
safety, and enhance efficiency. The WellLink
Radar service helps our customers stay on
plan more consistently and outperform their
AFE projections.”
*DrillEdge is a trademark of Verdande Technology

Their recommendations draw on Baker
Hughes’s extensive library of best drilling
practices, developed from more than a
century of experience. The WellLink Radar
service continuously searches the database
and compares the current event with past
drilling experiences in order to avoid and
prevent a problem.

www.bakerhughes.com
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Lane-Wells
Shaped by Perforating Charges
On the surface, cigar-smoking oilfield troubleshooter Bill Lane
and pinstriped-suit-wearing accountant and engineer Walt
Wells seemed unlikely partners. But, the odd pair gambled their
future on an unorthodox, largely untested, leading-edge wellperforating technology that ultimately changed the future—
and the fortune—of their company.
With the United States gripped by
the Great Depression, costs for new
exploration and production were high, and
oil companies needed a way to find more
oil with a minimal expenditure of money.
Lane and Wells knew they had to focus on
the types of tools and services that would
ensure maximum production from existing
wells at the lowest cost per barrel, thereby
reducing the need for new drilling.
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two figured it must have been invented
before. On looking up patents, they
discovered that an oilman named Sidney
Mims had been granted a US patent in
1926 for a gun perforator. Late one night,
Wells tracked down Mims at the Los
Angeles Elks Club and offered to buy the
patent from him. Mims had no qualms
about surrendering the patent, stating,
“I invented a gun perforator, but it won’t
work. I’ll sell it to you.”

Across the country, there were numerous
cased wells that produced poorly or not
at all. Various methods had been tried,
with little success, to reach the oil-bearing
formations in these wells. Newer wells,
with heavier casings and better cementing
techniques, called for an improved method
of perforating casings to reopen profitable
sands that had been passed up and
cemented off on the way down.

Lane and Wells set out to perfect the
new gun-perforating device. When
they announced to the oil industry
that they could supply a multiple-shot
gun perforator from which as many
as 128 bullets could be fired—safely
and individually—by an electric trigger
controlled by two men at the surface, few
oil companies bought the idea.

In 1930, Lane and Wells came up with
the idea of perforating casings by gunfire.
The concept sounded so simple that the

Lane and Wells eventually arranged for
a test run at the Union Oil Company’s
La Merced No. 17, which was ready for

abandonment. After eight days, 11 runs,
and 87 shots, La Merced No. 17 produced
40 bbl/d—more than it had ever produced.
The Lane-Wells Company was in the
perforating business.

From bazookas to oil wells
By the spring of 1946, business for LaneWells was good. George Turechek, Vice
President of Engineering, had heard about
an armor-piercing technology, developed
by the US Army, which could prove to be
a great benefit to the company—or to
competing oilfield service companies. It
was called the shaped charge. Turechek’s
research into the history of the technology
uncovered some surprising details.
In 1887, Charles Munroe, a chemist at
the US Naval Torpedo Station in Newport,
Rhode Island, was conducting experiments
on the effects of explosive blasts on plate
armor. To generate the blasts, he used
billets of gun cotton (explosive packages
produced by steeping cotton in nitric and
sulfuric acids). Testing involved placing
a billet on armor plating and detonating
it. After one explosion, he found that the
steel was imprinted with a mirror image of
“USN 1884”—a production code that had
been carved into the billet of gun cotton
that he had placed against the metal.
Munroe realized that the inscription’s
cavity had focused the blast. He
immediately began carving and
drilling more gun cotton billets to
perform additional tests. It quickly
became apparent that carving out
some of the explosive (especially in
a conical depression) would deeply
chisel the steel plate with the pattern
carved into the gun cotton.
Although Munroe published the
results of his discovery, there

was little interest in applying this
phenomenon for practical purposes.
By the late 1930s, though, weapons
makers realized shaped charges had
the potential to inflict damage on
armored military equipment. The
work of R.W. Wood at Johns Hopkins
University and Henry Mohaupt at his
Zurich, Switzerland, laboratory revealed
the vastly improved armor-piercing
capability of a conical-shaped charge
when it had a metal liner. When Mohaupt
came to America in 1940, he used this
knowledge to help perfect the bazooka,
an antitank weapon, for the US Army.
Shortly after the army declassified
details of shaped-charge technology,
extensive research and testing
began in the laboratories of the E.I.
DuPont de Nemours Company.
The company was developing the “Type
A” charge, which it patented and planned
to license to any company, including LaneWells. Design of the charge carriers, the
controls, and support equipment would be
left to the oilfield service companies.
Turechek then became aware that
the Byron Jackson Co. (the forerunner
of BJ Services), in cooperation
with DuPont, had begun offering
commercial shaped-charge services.
By January 1948, Well Explosives, Inc.—a
company out of Fort Worth, Texas, that
employed Henry Mohaupt—was also
offering limited casing perforation
services in the mid-continental United
States and Texas. Clearly, Lane-Wells
had to bring its shaped-charge service
to the industry as quickly as possible.

design staff paid off. In early 1948, the
company offered its Koneshot casing
perforator. The gun carrier assembly
contained shaped charges in a spiral
placement at 3-in. (7.62-cm) intervals
from each other inside a steel housing.
Testing for the Koneshot by the Lane-Wells
engineering department also revealed
the benefit of placing an explosive
“booster” at the base of the charge.
This component greatly increased the
speed of the jet stream and the depth
of perforation in the formation. The first
Koneshot offered by Lane-Wells was
designed for use in a 7-in. (17.8-cm)
casing. In less than a year, however, a
smaller gun carrier assembly capable of
working in 5½-in. (14-cm) casing was
available. By the end of 1949, Lane-Wells
produced a 31/8-in. (7.9-cm) Koneshot that
could be used in 3½-in. (8.9-cm) casing.
Additional refinements and improvements
were soon developed by Lane-Wells,
and the use of shaped charges proved
to be a valuable asset to the more
economical production of oil and gas.
Through a series of company mergers
and acquisitions over the years, LaneWells became Baker Atlas, which
is now a part of Baker Hughes.
Today, the Baker Hughes Pine Island
Perforating Technology Center northwest
of Houston houses comprehensive
research and development, engineering,
manufacturing, testing resources, and a
perforating flow laboratory. The facility
simulates a wide range of well conditions
and flow measurement options, which
allows Baker Hughes engineers to
maximize flow efficiency for a variety of
completions and formations.

Lane-Wells offers the Koneshot
Thorough testing by the Lane-Wells
www.bakerhughes.com
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